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Abstract
The Internet of Things (loT) has paved the way for significant efficiency gains in the oil and gas industry.
One concept that has garnered significant attention is the "digital twin". However, there remains a great deal
of confusion surrounding what a digital twin actually is and how it can be harnessed to add value to oil and
gas operations. Some use digital twin as a synonym for their 3D plant models, others for their predictive
maintenance solutions, or their simulation models. The bottom line is that the digital twin is all of these and
more and unless operators look at it holistically, they are likely to miss out on some of the benefits.
Digital twins afford companies a number of advantages that would otherwise not be possible, including
the ability to run risk analyses, health assessments, and what-if scenarios in real-time; the ability to train
personnel in a 3D immersive, risk-free environment; and the capability to detect faults early before control
limits are reached. This paper/ presentation will elaborate on how digital twins can be used to enhance
efficiency and will address their use in the wider context of the oil and gas industry – with a particular focus
on its impact on reducing risk and cost during both the project and operational phases of the asset lifecycle.
The objective is to demystify the digital twin, outline the advanced capabilities it enables and illustrate
how oil and gas operators can use this concept to improve their competitive advantage.

Introduction
In recent years, an increasing number of oil and gas companies have turned to digitalization as a means to
reduce costs, improve efficiency, and maximize their competitive advantage. In the midst of this paradigm
shift, one term that has garnered significant interest from operators and producers is the "digital twin".
Despite the increased attention, there is still a great deal of confusion surrounding what a digital twin actually
is and how it can be used to generate value for organizations.
Many in the oil and gas industry view digital twins as advanced 3D models that can be used to aid in the
design phase of an asset. They are in fact much more than that, representing dynamic, cross-domain digital
models that mirror the performance and operation of a physical asset or process as it moves through the
lifecycle - from design, engineering, construction, commissioning, and finally, into operation. The digital
twin evolves to reflect changes in its physical counterpart, creating closed-loop feedback in a virtual, singlesource-of-truth environment. This virtual copy of an asset (or collection of assets) is constructed in parallel
to the physical asset to help organizations understand and optimize equipment and facilities.

2

SPE-195790-MS

The Makings of an Intelligent Digital Twin
Every oil and gas facility is characterized by cumulative data evolution. Massive quantities of asset data are
generated throughout all phases of the project lifecycle. The problem that many operators face, however, is
that this data is spread over a multitude of software applications, databases, and paper files throughout the
enterprise and at the site. As a result, the information available to decision-makers is often inaccurate, outof-date, incomplete, inconsistent, and/or poorly synchronized.

Figure 1—Intelligent digital twin structure

A true digital twin solves this problem by bringing together process and plant engineering, physical
layout modeling, project and construction planning, maintenance, and asset performance modeling. It also
supports federating data from underlying sources to eliminate data duplication.
The entire project lifecycle benefits from the digital twin, starting at its inception during the client’s
concept development process and progressively maturing into an as-is digital representation of the physical
asset that give operators better insight into the lifecycle performance of their asset.
Key components/subsystems of the digital twin are outlined in the following subsections.
An Integrated Data Backbone
The use of an integrated data backbone is a key enabler of a digital twin. With appropriate IT security
measures, engineering and maintenance contractors, equipment and other providers can all share the asbuilt and as-maintained data image of the plant. Instead of delivering and attempting to maintain hard copy
documentation, the different stakeholders deliver data records, which simplifies and expedites the process
substantially. This creates complete transparency of information for each plant object and optimizes the
design process by:

•
•

Providing engineers with direct access to information changed by colleagues in other disciplines,
which leads to an increase in the degree of parallel engineering, improved design quality, and a
reduction in the time required to reach operational readiness.
Reducing engineers’ time to enter and find information. The documentation provided at handover
is an up-to-date ‘as-built’ asset database, that, when maintained, becomes the ‘as-maintained’
database.
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•
•
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Ensuring that the regulatory obligation of up-to-date plant documentation is fulfilled at all times.
Enabling quicker and more informed decision-making. In urgent situations, intelligent decisions
can be made based on up-to-date plant information, thus reducing operational risks.

Typically, the EPC and the package vendors use smart engineering tools, which provides the integrated
data backbone with a good starting point. The challenge then becomes:

•
•
•

How to handle transfer of this digital data and documents to the operator;
How to have an effective/low cost change handling process when doing later modifications;
How to ensure that data and documents are maintained and updated as part of the modification
work – to preserve the TDL

These challenges are being grappled with by operators, EPCs and vendors alike. The author is aware of
at least two ongoing initiatives in this regard to provide a cloud-based solution that offers "…information
bridges from various authoring tools and an integration hub to accomplish the required semantic alignment
for digital components (including their tag designations") [Siemens, Bentley Systems, 2018].
While these more elegant solutions are being matured, operators have the option to deploy the integrated
data backbone as a data-only Technical Data Library (TDL), or alternatively, to require the EPC and vendors
to make authoring tools themselves available for use by the operator.
Data-only Technical Data Library (TDL). With this approach, all engineering data generated in the
"Concept and FEED" and "Design and Build" phases is handed over to the client in a structured data model
instead of as documents (see Fig. 2). All master data resides in the TDL and any representation thereof (e.g.
PFDs, P&IDs, single line diagrams, safety and control logic, etc.) is merely a "report" of the master data.

Figure 2—Digital delivery of technical data library

In practice, this means that the operator will nominate his preferred engineering toolset and the EPC and
equipment vendors will then convert the data from their own authoring environments into a compatible

4

SPE-195790-MS

format. Invariable, some "smartness" is lost in the conversion. The operator has access to the data, but not
to the underlying design rules and workflows.
A well-defined data structure is critical for the creation and maintenance of the TDL from the EPC and
equipment vendors’ engineering tools. Typical hierarchies could be:

•
•
•

Equipment-type hierarchy
NORSOK system hierarchy, or similar
Plant area hierarchy/location model

The earlier the project defines what the data structures and hierarchies should look like, which systems
need to incorporate them, and which systems should be required to synchronize hierarchical model
information, the more likely it is that the final system(s) will have the best possible alignment.
Access to smart authoring tools. In this scenario the native engineering environment(s) in which the
designs were generated are made available to the operator for use during the "Operate & Maintain" phase of
the asset. When the same engineering tools are used both in the project and operational phases, the loss of
"smartness" in terms of underlying design rules and workflows is avoided. This is particularly useful when
the client foresees that there will be ongoing, non-trivial engineering modifications to the facility. The two
extremes in this scenario are:
1.

The operator enters into a long-term partnership with the EPC and vendors to maintain the TDL and
authoring tools and to generate as-is data and documentation as needed by the operator. In practice

this implies that the EPC and equipment vendors will also handle engineering modifications during
the lifecycle of the asset.
2.
The EPC and equipment vendors hand over their engineering tools used during the "Design &
Build" phase to the operator for its future independent use. This introduces difficult commercial
discussions around the cost of the various underlying software packages and more importantly,
issues of IP confidentiality.
The choice between these two options is driven by strategy rather than technology. Both approaches are
reflected in recent Request for Quotations (RFQs) for equipment acquisition on offshore projects.
Plant Twin: A Smart 3D Viewer for the Facility/Asset
The component of the intelligent digital twin that often gets the most attention is the 3D model representation
or "plant twin". Many organizations, in fact, use the term digital twin as a synonym for their 3D plant
models; however, when developing a truly intelligent digital twin, it is only one part of the solution.
The plant twin is a smart 3D viewer for the entire facility that provides virtual access to equipment,
maintenance, and real-time operations data for construction, commissioning, and maintenance planning. It
provides a realistic viewer for very large 3D models (e.g. process plants or offshore platforms), with fast
navigation for non-specialists, such as operations or maintenance personnel. Furthermore, it enables back
and forth navigation between the 3D representation and the 2D drawings and data in the data backbone.
For example, maintenance personnel can view in a 3D digital space where equipment is located and
if it is accessible. Using the virtual environment, operators can directly access equipment characteristics,
maintenance history and documentation by clicking through to engineering and maintenance data from the
equipment in the 3D view [LaGrange, 2018]. Similarly, if an engineer was working with 2D engineering
and maintenance data, he/she can click through to the 3D view of the equipment and see the spatial context
of, for example, locations where work permits are issued (see Fig. 3).
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Figure 3—Immersive field operator training

For critical equipment, a more detailed equipment view should be provided to:

•
•
•
•

Drill down into the 3D representation of the equipment package and the equipment itself, with its
bill of materials;
Visually represent key internal design parameters, limits, dimensions, and other design aspects
related to the internal parts and sub-assemblies;
Visualize equipment key performance indicators (KPIs) dashboards, summaries and reports;
Provide access to package related documentation;

Some of the benefits and capabilities afforded by the plant twin include:

•
•
•
•
•

Enables reviews of EPC designs together with or by the owner-operator (OO), without complex
3D CAD tools. Closer cooperation between OO and EPC enables earlier detection of problems and
fewer late-stage design changes.
Immersive virtual training for field operations or maintenance where the user can move with his
avatar and experience the plant as in reality. This helps personnel to pre-plan interventions before
arriving on location and increases effectiveness in the field.
3D plant and equipment viewing in conjunction with asset management and operational data.
The 3D viewer can provide access to engineering, operations, maintenance and asset performance
information.
Development of and training in emergency evacuation procedures without the risk and cost of
having personnel offshore.
Spatial analysis and decision support during emergencies.
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Process Twin: A Dynamic Model of Operational Behavior
The third component of a digital twin is a dynamic model that mirrors the operational behavior of the asset
or facility, referred to as the "process twin". The objective of the dynamic model is to realistically replicate
the process and equipment behaviors of the physical asset in the digital world. It also serves as a digital
replica of the process and automation system and permits testing of the process and control infrastructure,
safety logic, and operating procedures, before the asset has been started-up. This type of dynamic process
simulation delivers benefits, from simple I/O or signal testing, to logic and functional testing, to dynamic
process simulation for process verification, optimization and training. It has been widely used over the past
two decades in the downstream and petrochemical industries and has proven to be particularly beneficial
for greenfield facilities where the process twin is a key tool in reducing start-up risk
The following are typical use cases for the process twin:

•

•

•

Engineering simulator

◦
◦
◦
◦

Develop and test operating/maintenance and emergency procedures prior to start-up;

◦

Test engineering, instrumentation, control, and telecommunications (EICT) systems prior to
commissioning, including configuration, alarm limits, controller ranges, 3rd party; interfaces,
etc.
Verify human factors design of the human machine interface (HMI);

Run process and control engineering studies;
Investigate operating incidents;
Run "what-if" scenarios faster than real-time;

Testing prior to start-up

◦
◦

Tune controllers prior to commissioning;

Operator training

◦
◦
◦
◦
◦

Train operators prior to commissioning on start-up, normal plant operation, shut-down and
abnormal process conditions to significantly reduce commissioning time and risk;
Embed best practice operator responses to process scenarios;
Expose operators to process scenarios that occur infrequently at the actual facility;
Capture knowledge from the experienced workforce and from actual facility incidents;
Certify operators for competence;

Performance Twin: Monitoring and Analytic Solutions
On an offshore facility, maintenance of mission-critical equipment, such as turbines and compressors, is
often planned based on frequency. In such cases, operators do not consider the present condition of the asset
or how it is being operated, but rather the amount of time that has passed since it was last serviced. An
intelligent digital twin on the other hand, applies data science tools, such as statistics, artificial intelligence
(AI) and machine learning (ML) to historical and current operating data, to predict the future condition of
equipment. (see Fig. 4).
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Figure 4—Performance comparison example - predicted remaining useful life of sea water lift pumps

Given the high requirements for reliability and availability in the offshore environment, operators need
an early-warning system that can better predict degrading performance and provide insights into changes
and conditions. Given such insights, operators can make more informed decisions about how to best manage
equipment issues to minimize non-productive time (NPT), for instance, taking immediate corrective action
or alternatively managing the issue via specific operational interventions until the next planned shutdown.
Condition monitoring analytics detect abnormalities in operation – either in the form of an increasing
(or decreasing) trend, or drift from a normal operating condition. This is done with the help of statistical
calculations on process data obtained from the historian. The analytics identify long-term performance
trends and run comparisons from a wider perspective than what the equipment itself can provide in isolation.
This approach provides wide ranging benefits, including:

•
•
•
•

Lower engineering and maintenance and costs through condition-based maintenance (CBM);
Shorter repair times through advanced planning and spares availability;
Reduction of NPT through predictive maintenance;
Reduced insurance costs;

In most cases, advanced data analytics are utilized by streaming data to a cloud-based IoT platform.
However, for certain services/tools, analysis and computing should/could take place near the asset (i.e., at
the edge). In either case, it is critical that the infrastructure is open and scalable so that different internal
and external stakeholders can contribute, and the digital framework can grow and improve as new digital
solutions arise.
OEM Services: Access to Expert Advice
Analysis of historical and current operational data is critical to optimize the performance of assets, but
on more complex equipment, it is not a replacement for OEM subject matter expertise. To maximize
the predictive window, it is beneficial for the OEM to support the operations and maintenance teams
by providing expert advice and remote diagnostic services (RDS). RDS focuses on identifying longer

8

SPE-195790-MS

cycle developing issues and estimating time to failure, which helps determine whether problems should be
addressed during the next maintenance campaign.
RDS not only monitors deviations in machine performance, but also identifies sub-optimal operations,
(e.g., anti-surge valve remaining open beyond what is deemed necessary, overly conservative alarm settings,
deviations in following machine start-up procedures, etc.)
A combination of the operator’s operational expertise with in-depth OEM equipment knowledge is
critical to extracting maximum value from the digital twin.

Quantifying the Value of Deploying Digital Twins in Offshore O&G
One common misconception among many oil and gas industry professionals is that the use of digital twins
to reduce costs and drive efficiency is something that remains to be proven. However, this is not entirely
accurate.
It is true that the intelligent digital twin as described in this manuscript is not (yet) a standard deliverable
in O&G projects and therefore its benefits cannot be calculated from past implementations. It is also true
that one cannot quantify a generic "digital twin value" since this depends largely on the baseline cost and
performance of the specific asset.
However, standalone components of the digital twin have been delivered over several years to the O&G
industry. The hypothesis is that the benefits of the intelligent digital twin can be extrapolated from there. In
this manuscript, we will quantify the value a digital twin provides using a three-pronged approach which
entails the following:
1. WHAT – Identify what type of value the digital twin could deliver to the operator. Digital value
drivers are common across projects
2. HOW – Identify what specific elements of the digital twin would deliver that value and how would
they do so
3. QUANTIFIED VALUE – Identify the assumptions or baseline on which the value estimate was
be based
The relationship between the value driver (i.e., what) and digital twin element (i.e., how) is complex. In
many cases, the integration of various digital twin elements is required to enable the value driver (e.g., the
combination of process and plant twins enables shorter time to first oil; the combination of the performance
twin and OEM services maximizes the predictive window for condition monitoring). Therefore, care must
be taken not to duplicate benefits where various digital twin elements could contribute to a single value
driver.
The subsections below quantify the benefits of developing and deploying an intelligent digital twin for a
mid-size FPSO (100k barrels per day), using the approach described above, but it is important to note that
not all value drivers will apply equally to all projects. This value structure allows operators to validate and
quantify the value drivers for their specific facilities.
To arrive at the estimated figures, OEM engineering teams were interviewed to estimate the savings
in engineering effort and cycle time that they experience from using digital tools in their day-to-day
engineering work. This was primarily focused on the use of configurators for rotating equipment, and
engineering tools and integrated workflows for EAD (Electrical, Automation and Digital) and engineering
effort "before" and "after" the use of digital tools was compared. The comparison was done on engineering
manhours rather than on sell price to exclude the impact of market movements. The value was only
quantified where it translated to a real reduction in cost to customer, or where it directly shortened the
project critical path.
In addition, eighteen O&G projects, where some component of the digital twin was delivered, were
analyzed. A first source of input were EPC / operator references developed at the time when the projects were
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closed out. This provided good insight into the impact of digital solutions on CAPEX and project cycle time.
Close interaction with many operators also made it possible to infer the impact of digital solutions on OPEX.
No operator was willing to quantify their OPEX savings because they regard their use of digital technology
as a competitive advantage, but sufficient input was collected to develop a credible benefit estimate.
More operators / projects than those named as proof points in Fig. 5, Fig. 6, and Fig. 7 were included in
the analysis. Where company names are used as proof points, it does not imply that the company confirmed
the specific benefit of the value driver. All inputs were normalized against a mid-sized FPSO with 100k
bpd production and then averaged. Where a significant variability in data existed, benefits were reported
in terms of numeric ranges.

Figure 5—Summary of how digital twins can reduce project cycle times

Figure 6—Summary of digital twin CAPEX savings
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Figure 7—Summary of digital twin OPEX savings

Digital Twin Benefits
Reduced Project Cycle Time. During the design phase, the biggest benefit lies in reducing the project
cycle time. There are various digital twin elements that contribute to this value driver. They can broadly
be categorized into the following:
1.

Engineering configurators and templates, with embedded knowledge base, to auto-generate
design deliverables like 2D, and 3D drawings, BOM, single line diagrams, etc. For rotating

equipment, which directly impact project critical path, OEM engineering teams report a reduction
in engineering time of up to eight weeks.
2.
Virtual interface management and construction planning to reduce integration delays at the yard.
This benefit was confirmed with various stakeholders, but was not quantified. The Construction
Industry Institute (CII) at the University of Texas reports a 10% saving in construction cost and
time using construction planning software for work package data management and optimized work
scheduling. Whether this applies equally to the O&G industry is to be determined.
3.
Validation, testing and training on the digital twin. This has been proven in the downstream and
petrochemicals industry to shorten time to stable operation by 4 - 8 weeks. There is no reason
why this benefit would not apply equally to upstream. As an example, the Ivar Aasen Platform
in the North Sea made extensive use of the process twin (dynamic simulator) for control system
validation, controller tuning and operator training. The platform started up in December 2016 and
reached stable operation within one week. Only two of the control loops required retuning after
start-up.
A combination of the above tools and capabilities results in faster time to first oil and a 4 -12 week
reduction in project cycle times.
Reduced CAPEX. Reducing CAPEX is a perhaps a less significant benefit of the digital twin than cycle
time and OPEX reductions. It is true that digital twins can enable operators to evaluate more design scenarios
during the conceptual phase and identify the configuration that maximizes return on investment, but the
benefits here will vary on a case by case basis and are difficult to quantify.
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Smaller living quarters as a result of implementing low-manning concepts is a tangible benefit. The
industry rule of thumb is that each additional offshore resource will add 20 tons to topsides weight.
A further tangible benefit is that the use of engineering tools and automated workflows for the ICSS
allows the later start of ICSS engineering, at which time designs are more mature. A 50% reduction in
change orders, which is very typical in ICSS projects, has been observed.
To ensure the lowest life cycle cost and ease of maintenance, the performance twin should be a
standard project deliverable and generated with minimal manual configuration. With pre-existing predictive
maintenance templates for each asset type that are auto-mapped to tags in the ICSS typicals and to asset
attributes in the data backbone, experience has shown the engineering effort for developing a performance
twin is reduced by up to 60% (estimate based on performance twin for new build FPSO compared to retrofit
of performance twin to brownfield O&G platform).
Overall, it would not be unrealistic to expect the digital twin to deliver CAPEX savings to the order of
∼$4 - $7 million.
Reduced OPEX. The combination of an ICSS that is designed for remote control with predictive analytics,
allows operators to minimally man their facilities once a "normal" operational baseline has been established.
The extent to which this is possible does not only depend on the digital twin, but also on the design
philosophy of the physical asset and the complexity of the facility [LaGrange, Maisey, 2018]. The wide
range of potential benefits reflects this.
Although remotely controlled facilities are not new, it is not yet the norm. This is primarily due to the
cost of high bandwidth and low latency communication infrastructure, but 5G is expected to drive wider
adoption.
Normally unmanned facilities, on the other hand, is a concept that is still being developed, with
several operators and engineering companies active in this regard. Demanning is a significant competitive
advantage and operators are reluctant to provide details on their activities. Demanning discussions with
labor organizations also makes this a sensitive topic.
The demanning estimates provided here are based on results that were achieved on a fixed platform in
the North Sea; the operational philosophy of an upcoming FPSO project (no design changes on the physical
asset, reduced manning purely based on performance twin and OEM services); and lastly the design intent
of the Woodside Scarborough project. A description of the operation and maintenance philosophy of the
project is included below.
"BOD 01.04.01 Production Operating and Maintenance Philosophy. The project objective is to minimise
the number of frontline personnel required to operate and reactively maintain the facility, reducing risk to
individuals, ensuring overall availability is achieved and providing adequate Emergency Response. This
can be achieved by analyzing each system to reduce the operational and intervention requirements by either
elimination, substitution or re-design. Where it is cost prohibitive to remove the operational or intervention
requirement, frontline personnel will be justified in. Planned (non-reactive) maintenance will be executed
by a dedicated team, who will periodically mobilize and execute a campaign of work. Emphasis will be
on multi-disciplined/multi-skilled and suitably trained operators capable of carrying out routine front-line
maintenance and deck (crane) operations. The Normal manning complement must be within the 12 seat
capacity of an AW189 for the Scarborough location to allow for one helicopter transit when de-manning
for cyclones" [Prichard, Reid, 2018].
Predictive maintenance, enabled by the performance twin and OEM services, contributes to demanning
by preventing unplanned downtime. OEM data for rotating equipment shows an improvement in availability
of 2-7%, measured across 1,100 units. At the overall facility level, this information is less available in the
public domain. However, one facility confirmed no unplanned shutdowns over the past 30 months.

12

SPE-195790-MS

Benefits from data availability and accuracy is widely accepted as very real, but harder to quantify. An
accepted rule of thumb is that nonconformance cost (NCC) contributes up to 10% of overall maintenance
spend, with some estimates as high as 25%.
Specific performance improvements, like higher production rates or lower energy consumption were not
considered. The digital twin will certainly assist operations and maintenance engineers in making better
informed decisions, but this is difficult to quantify. Often, niche digital applications, rather than the core
digital twin, are focused on the delivery of these types of benefits, but those were not considered in this paper.
In combination benefits from the digital twin can reduce OPEX by USD $60 - $100 million over a 10year period.
Improved Safety. Improvements in safety are also difficult to quantify. On a qualitative level, however,
the biggest contribution of the digital twin to safety is simply having fewer people offshore. The predictive
maintenance capability of the performance twin and running what-if scenarios with the process twin all
contribute. The element of the digital twin that makes the most direct impact on safety is the plant twin -for example, to plan evacuation routes, verify safe access to equipment, spatially visualize active working
permits, and much more.
Cybersecurity Considerations. Despite the many benefits digital twins can provide, connecting critical
equipment to cloud-based platforms does mean that the oil and gas industry must be ready to respond to an
evolving security landscape in which cyber threats are the norm [LaGrange, 2018]. It is critical that endto-end security solutions are integrated to help clients secure, test, and monitor operating environments and
raise organizational maturity as prerequisite for digitalization. This can be achieved by implementing a riskbased approach to cybersecurity, which is outlined in the following subsections (see Fig. 8).

Figure 8—Risk-based approach to cybersecurity

This manuscript does not aim to comprehensively cover the topic of cybersecurity. However, we will
highlight three areas where experience shows missed opportunities that apply to both the OT network and
the ICSS. These include:

•
•
•

Cyber secure design defined in pre-FEED, for compliance by all vendors
As-is inventory of all assets connected to the OT network
Real-time network anomaly detection

Cyber secure design. During the "Concept & Design" phase, automation and cybersecurity experts must
integrate with operator and EPC project teams to leverage benchmarks, regulatory frameworks and industry
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best practices to deliver a design that provides segregation of corporate and automation networks, perimeter
protection, device hardening and monitoring/update capability. All 3rd party vendors must comply with
cybersecurity specifications that are defined during pre-FEED to minimize localized vulnerabilities.
Operational Technology (OT) asset inventory and management. After start-up, maintaining an up-to-date
inventory of all assets connected to the OT network is critical to ensure security. Hardware nodes, software
revisions, patch releases, etc. must be kept current for all industrial devices on the network, across all assets
from all vendors. Ideally, an automated asset management solution should be deployed to reduce the need
for manual asset inventories.
All servers and workstations should be hardened against cybersecurity threats using best practices (e.g.
white and black listing, defined user groups with differing access rights, password protected access, virus
protection with remote patch updates, etc).
Device and event monitoring. Because they often do not have an immediate impact on operational
performance, cyber-attacks can go undetected for long periods. Intruders may exist on the network for
months before being identified. To address this challenge, it is recommended that operators utilize network
anomaly detection that uses artificial intelligence to self-learn communication patterns between assets and
detects unusual activity. As a minimum the following measures should be implemented:

•
•
•

Network traffic monitoring
Access monitoring
Modification monitoring/notification

Conclusion
In the oil and gas industry, "digital twin" is a term that everyone uses; however, few have a comprehensive
understanding of what it really means. Many use digital twin as a synonym for 3D plant models; others for
their predictive maintenance solutions, or their simulation models. The bottom line is that the digital twin
is all of these and more.
Digital twins afford companies a number of advantages that would otherwise not be possible, including
the ability to run risk analyses, health assessments, and what-if scenarios in real-time; the ability to train
personnel in a 3D immersive, risk-free environment; and the capability to detect faults early before control
limits are reached. An analysis of past projects where elements of the digital twin was delivered proves that
project cycle time can be reduces by 4-12 weeks, CAPEX by $4-7m and OPEX by $60-100m over 10 years.
Developing the digital twin as a standard project deliverable is an order of magnitude less expensive than
retrofitting the digital twin to an existing facility and it is therefore important that operators cascade the
digital twin as a requirement to their engineering partners.
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Abstract
Reservoir management for an economically successful chemical EOR project involves maintaining
high injectivity to improve processing rates. In the Captain Field, horizontal injection wells offshore
have been stimulated with surfactant-polymer fluids to reduce surrounding oil saturations and boost
water relative permeability. The surfactant-polymer stimulation process described herein enables a step
change in injectivity and advances the commercialization of this application. This paper explains the
damage mechanism, laboratory chemical design, quality control through offshore field execution and data
quantifying the results.
Phase behaviour laboratory experiments and analytical injectivity models are used to design a near
wellbore clean-up and relative permeability improvement. Three field trials were conducted in wells that
had observed significant injectivity decline over 1-3 years of polymer injection. Surfactant and polymer
are blended with injection water and fluid quality is confirmed at the wellheads. Pressure is continuously
monitored with injectivity index to determine the chemical efficiency and treatment longevity. Oil saturation
changes and outflow profile distributions are analysed from well logs run before and after stimulating.
Learnings are applied to refine the process for future well treatments.
The key execution elements include using polymer to provide adequate mobility control at high relative
permeability and ensure contact along the entire wellbore. Repeatability of success with surfactant-polymer
injection is demonstrated with decreased skin in all the wells. The key results include the oil saturation logs
that prove the reduction of oil near the well completion and improves the relative permeability to aqueous
phase. The results also prove to be sustainable over months of post-stimulation operation data with high
injectivity.
Injectivity enhancement was supported by chemical quality control through the whole process. From
laboratory to the field (from core flood experiments to dissolution of trapped oil near wellbore), surveillance
measurements prove that the chemical design was maintained and executed successfully. The enhanced
injectivity during clean-up allows for higher processing rate during polymer injection and negates the need
for additional wells.
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The application of surfactant-polymer technology can rejuvenate existing wells and avoid high costs
associated with redrilling offshore wells. This improves processing rate for EOR methods and can even be
applied to waterflood wells to improve the injectivity, e.g low permeability reservoirs.

Introduction
Captain began emulsion polymer injection into a pilot well in 2010 and expanded continuous injection into
a second injector in 2012 (Poulsen, 2018). Both wells exhibited faster than designed injectivity decline
resulting from the growing viscous fluid bank and the oleic phase damage injected from crude oil and
emulsion polymer carrier oil in injection water. While the viscous impact is desired for an effective chemical
flood, opportunity to improve injectivity was identified by addressing the phase damage.
Two paths were pursued in parallel, one to address the damaging liquid polymer and one to address the
residual crude oil near wellbore. In 2014-2015, a surfactant formulation was deployed in conjunction with
the emulsion polymer and successfully improved the injectivity of two polymer injectors. The polymer
product path was completed in 2016, with the deployment of an innovative liquid polymer that is not
contributing phase damage to injectivity in the Captain field (Dwarakanath, 2016) (Kim, 2018). In 2018,
the two products were combined, and field tested to yield better injectivity with a new surfactant-polymer.
The single chemical package has been further commercialized and is available to treat multiple wells with
a single stimulation vessel mobilization.
The basic principle behind this technology is illustrated in Figure 1 below which shows a coreflood
experiment where residual oil is mobilized away from an injection point. This improves injectivity by
removing oleic phase and increasing the relative permeability to aqueous phase near wellbore. Typically, oil
saturations near injection are somewhat reduced by high injection rates, but the greatest change in aqueous
relative permeability is at low percentages of remaining oil, and the elimination of the phase completely.

Figure 1—Illustration of surfactant fluid improving injectivity into a core at residual oil saturation

Figure 2 illustrates a set of relative permeability curves which could represent the Captain fluids, and the
removal of the last 10% oil from matrix effectively doubles the water permeability. Even though this uplift
only applies to the treated near wellbore (on the order of several feet into reservoir), simple calculations
of radial flow can demonstrate that effective treatment can yield several fold improvements on injectivity,
i.e. depending on the degree of phase damage, effectiveness of treatment, and surrounding fluid properties
in reservoir.
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Figure 2—Illustration of improvement to water relative permeability curve

In an ideal stimulation (Figure 3), the oleic phase saturation is reduced to zero leaving only aqueous
solution in the pore space. This means there is no capillary pressure in the clean zone, and therefore,
there is no relative permeability (i.e. krw = 1). This ultimately leaves a smaller pressure differential in the
surrounding wellbore. Surfactant-polymer can provide a step change in injectivity without fracturing the
matrix or compromising wellbore integrity. This is valuable for reservoirs where the minimum horizontal
stress is not oriented perpendicular to the desired floodfront direction.

Figure 3—Surfactant stimulation process for an ideal case

In the Captain field we chose to implement this stimulation method specifically to aid the EOR flood
performance. Figure 4 above illustrates the stimulation benefits to polymer injection by providing better
injectivity. These include a lower flowing bottom hole pressure build-up, a longer time spent on plateau
with arbitrary maximum injection rate, and a higher cumulative injection volume for a specified operation
interval. All these contribute positively to the economics of running a polymer flood.
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Figure 4—Illustration defining stimulation benefits to immiscible
EOR injection involving pressure, rate and cumulative fluid injected

Background/Literature Review
Damage Mechanisms
Captain is a closed system with all produced water injected after imperfect separation. Oil-in-water (OIW)
that is injected at Captain averages around 200ppm crude oil. Emulsion polymer was also initially injected
into two wells, with neat product composed of polymer, water, and carrier oil. When inverted with injection
water, the emulsion was observed to have a larger than desired carrier oil particle size distribution (PSD) for
the Captain reservoir properties. Chevron ETC conducted core floods in 2012 that have demonstrated both
the residual crude oil saturation and polymer carrier oil contribute to the near wellbore pressure build-up
exceeding that caused by fluid viscosity alone. Total suspended solids (TSS) are reduced from the produced
fluid through separators and hydrocyclones. Bacteria are reduced by regular treatments of Magnicide B
biocide.
Residual Oil Saturation Near Wellbore (Sor)
Injector outflow is measured for water and polymer using spinners and carbon-oxygen (C/O or RST-WFL)
tools. All stimulated wells have been on polymer injection and outflow profiles are logged to be reasonably
consistent along the completion. Historically, the injectors have observed both water and polymer at different
rates.
Surfactant-Polymer Stimulation Development
The surfactant-polymer stimulation field trials took place with both the original emulsion polymer and
the dispersion polymer. The stimulation fluid is chemically modified to be used with each product. The
timeframe for these two stimulation trial periods cover 2014-2015 with the first chemical package (C43 and
C52 injectors), and during 2018 with the second chemical package (C60 injector). The focus of this paper
will be on the chemical formulation and performance of well treated with the latter.
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Novelty of surfactant-polymer chemical formulation
The Captain surfactant-polymer stimulation package for C60 tested new technology by combining all
chemical components into a single fluid for dosing a water injector. While surfactant stimulations have been
attempted in the past, polymer was either left out of the formulations or added at a separate point of the
water treatment. Traditionally, surfactant is added first to injection water stream to ensure adequate mixing
before polymer is introduced.
The value of this new chemical formulation comes with simpler fluid handling and ability to prove that
polymer fixed facilities (i.e. storage, pumping and mixing) with separate dosing points are not required
for the stimulation to be successful. This formula demonstrates that the only polymer equipment needed is
a single static mixer, which can be designed as a temporary skid to accompany the vessel delivering the
surfactant-polymer mixture to waterflooding assets.

Laboratory Design
The laboratory design focused on selecting surfactants that were compatible with both the mineral oil in the
liquid polymer and the Captain reservoir oil. Since the equivalent alkane carbon numbers (EACN's) for the
reservoir and carrier oil for the polymer are significantly different, good surfactant selection was critical for
the success of the stimulation effort. As with conventional surfactant design, the composition selected had
to meet the following desired characteristics.

•
•
•
•

Compatibility with both reservoir and polymer carrier oil
Acceptably low microemulsion viscosity (< 150% of oil viscosity)
Rapid equilibration to stable microemulsions in less than 1 day
Appropriate solubilization parameters and interfacial tension reduction

Phase behavior experiments
Phase behavior testing has been describing at length in literature and how to develop a successful reservoir
EOR treatment formula (Levitt, 2006) (Jackson, 2006) (Dean, 2011). The principal goal of the phase
behavior experiments is to select surfactants with the characteristics outlined above. The phase behavior
experiments were conducted in two stages. In the first stage the phase behavior experiments were conducted
with reservoir oil alone. Once appropriate surfactants combinations were identified, the next step was to add
the liquid polymer solutions that contained the carrier mineral oil and repeat the phase behavior experiments
to ensure compatibility.
Compatibility was confirmed by clear observation of aqueous stability as shown in Figure 5. As
expected there is a compatibility window between the surfactant and oil-based liquid polymer. Since
the surfactant formulations are tailored to show good behavior with reservoir oil, aqueous stability was
observed for a limited range of polymer concentrations. Such a range was tailored and later used for field
deployment. Figure 5 shows that aqueous stability was observed between 3000 and 3500 ppm. The expected
polymer viscosity at these concentrations was between 45-65 cp. Given that the expected oil viscosity was
approximately 80 cp, such a range was deemed acceptable for near-wellbore oil remediation.
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Figure 5—Impact of polymer concentration on aqueous stability window

Coreflood validation
Corefloods were run with the surfactant-polymer formula to capture the performance in cleaning out
surrogate sandstone. The cores were water, oil and polymer flooded to residual oil saturation before
injecting the stimulation fluid. The data from these core floods also established that roughly 2 pore volumes
throughput were required to reach the residual oil saturation to chemical, Sorc.Since these are remediation
applications, compared to conventional CEOR, the surfactant performance was not optimized to achieve
high remediation levels and should be a focus for later work. This was used when scaling up the design to
satisfy a radius of treatment, and calculate chemical volumes required for field injectors. Corefloods were
run to test the effectiveness around the aqueous stability range.
Table 1 above summarizes the corefloods run varying mobility control, surfactant concentration and
aqueous stability spanning from hazy to clear. Surfactant concentration ranged from 0.7 – 1.2 wt% active
and solubilization ratio of oil to water ranged from 7 – 3, respectively.
Table 1—Summary of coreflood performance at different polymer concentrations

Analytical Interpretation
Injectivity Model
A power-law injectivity model was used to estimate skin and skin improvement and to constrain the
simulation model. The power-law development builds off previous work (Lake, 2014) (Poulsen, 2018). Due
to the Captain field being developed with relatively long horizontal wells, the outflow is modeled as radial
flow to the distance where the true thickness of the sand in the injector (h) is equal to 2πr and linear flow is
modeled as starting at r > h/(2π) and continues to the point of drainage. The method is developed as follows
below using oilfield units.
Blake-Kozeny coefficient with shear thinning exponent, n, defined as:
Equation 1
Where:
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Equation 2
With viscosity coefficient, K*, as defined by Wreath, (1990).
Estimated bottom-hole pressure, Pinj:
Equation 3
Newtonian fluids pressure-drop across oil-bank and waterflood bank:
Equation 4
If cumulative polymer injection, WIP, is greater than
Effective polymer front distance:
Equation 5
Power-law fluid (polymer) pressure-drop with radial flow and linear flow components:
Equation 6
With constants:

The power-law skin is:
Equation 7
Using the above set of equations, the historical injectivity can be matched by changing the power-law skin
factor. Treatment volume optimization can be done by changing the treatment radius (rs), while using lab
measured post-treatment water relative permeability measurements approaching one (1). Figure 6, shows
an example of injecting at constant rate until hitting an arbitrary pressure limit. Shortly after beginning the
rate constrained period, the well in the example below is stimulated to a power-law skin of -0.92. This
stimulation allows the well to return to plateau injection and inject an additional 4+ MMbbls of polymer
before returning to being rate constrained.
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Figure 6—Analytical solution for hypothetical polymer injector

Figure 7—Analytical solution of specific injectivity index pre and post-treatment for hypothetical polymer injector
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Skin Estimation
Both power-law skin and Newtonian skin were estimated for polymer injectors and water-injectors
respectively. Initial skin was estimated both by (1) analytically matching the BHP history and (2) by
calculating the ΔPskin between the zero-skin simulation BHP and reality.
Newtonian skin:
Equation 8
Initial skins ranged from near zero for newly drilled polymer injectors to approaching 350 for old waterinjectors with 10,000+ bbls/ft injected. OIW adhering to solids is the assumed damage mechanism for waterinjectors.
Analytical Near-Wellbore Estimation of Oil Saturation
After injecting the stimulation, there was a desire to verify that the entire wellbore had been treated.
An analytical estimation of remaining oil was performed prior to logging the outflow and saturations.
This was to verify that the residual oil saturation difference between waterflood, polymer flood, and
surfactant stimulation (with increased oil saturation due to OIW injected post-stimulation) within the radius
of investigation of the tool (10" to 20") was substantial enough to see a difference.
The horizontal flow trapping number, NTl, (Jin, 1995) was calculated for waterflood, polymer flood, and
a moderately low IFT Winsor Type I using a power-law fluid definition:
Equation 9
The residual oil saturation was calculated by: (Abriola, 1995)
Equation 10
The results showed that even with the limited depth of investigation of the tool (P50 count at 10"), a
substantial difference would be realized between waterflood, polymer flood, and surfactant stimulation.
The estimated saturation differences for each method at P99 count radius of investigation (linear average
due to eccentric placement of tool against the formation) was greater than 10 saturation units, or greater
than twice the error of the tool itself. The calculated saturation with distance from well for each fluid is
shared later (Figure 9) to provide confidence that treated intervals could be distinguished from untreated
intervals, if any existed.

Field Design and Execution
Chemical required for the C60 well was designed to capture the full benefit and a clear response. The
volume, response time and scalability for other injectors was targeted when setting up surveillance and
executing the project.
Chemical Volume
Solving for C60 pre-stimulation Newtonian skin yields a value around 26 using Equation 8. This was
then used with a permeability reduction factor (Rk) ~ 10 and solved for damage radius of the well to be
approximately 5ft in Equation 11.
Skin radius, rs:
Equation 11
Where permeability reduction, Rk is (krw/krskin).

10

SPE-195747-MS

The C60 injector stimulation was purposely over designed to treat about 7ft radius into reservoir with 2
PV injected. At this depth, we calculated the decreasing return on injectivity improvement and expected to
observe diminishing return on chemical usage.
It is important to note that corefloods were not polymer flooded at the same capillary number as field
injectors (i.e. residual oil saturations in core are higher than field) and therefore, 7ft of 2 PV is a conservative
estimate of treatment depth. The data acquired from the field enables us to establish more optimal treatment
volumes required for future well stimulations.
Chemical Quality Control
Field chemical QC was initiated after chemical blending and monitored through the chain of custody, from
quayside to the wellhead. A stimulation vessel was used to transport the chemical package to the field,
connect to the platform via a high-pressure coflex hose, and pump the surfactant-polymer into the injection
line. The same stimulation vessel was used for all wells.
Chemical Pumping Schedule
The pumping design for the well set to complete the following objectives:
1. Do not exceed the maximum BHP limit
2. Inject at highest practicable rate, observing maximum rate limit
3. Pump all the chemical down hole
Dosing rates were planned to treat injection water at the highest rates possible without exceeding the BHP
limit. The pressure limit was established from geomechanical field data to avoid any sand-parting in the
reservoir. This enables clear interpretation of the stimulation result, placing any benefit to injection solely
on chemical interaction with pore fluids. All stimulations abided by their corresponding pressure limit with
well gauge pressures corrected to datum.
The importance of injecting at highest possible rate was to assist fluid mobilization and minimize time
on location with vessel hire. The maximum rate limit is in place to protect the polymer from being oversheared and mechanically degraded in the well completion. Lastly, all chemical was used to ensure the full
data set was captured, and no additional chemical handling costs were incurred.
The C60 well was operating at the BHP limit (already rate constrained) when the well treatment
was executed, so the initial dosing rate was set lower to allow a pressure window for the polymer
viscosity increase from the surfactant-polymer formulation. As the stimulation began working, the rates and
concentrations were ramped-up quickly to utilize the injectivity increases. Once the maximum rate limit
was reached the chemical pumping continued to completion. This was then followed by the post-stimulation
polymer flush conducted using the polymer facilities on the platform.
Wellhead samples were collected throughout the pumping of surfactant-polymer and polymer flush
intervals. The portable measurement unit (PMU) (Espinosa, 2018) was designed for duplicating lab tests
and experiments offshoreand was used on the well platform to draw comparison between lab designed and
field injected fluids. It enables any differences to be identified and reconciled on site. For example, fine
tuning of the pump schedule was made to reach target concentrations.
Injectivity was monitored through the whole process to establish the baseline leading up to, during,
and post-stimulation. Filtration ratio (FR) tests and core floods were also conducted in the PMU with the
surfactant-polymer slugs to demonstrate the improvement and better characterize the formula in actual field
injection water.

Field Results
The objectives of the field treatment with C60 include the following:
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1. Quantifying injectivity improvement
2. Optimizing treatment volumes
3. Quantifying longevity of treatment
Quantifying Injectivity Improvement
Well logs were used to demonstrate that the chemical was treating the entire completion interval and creating
an unambiguous reduction in oil saturation into the formation. Injection logging tests (ILT) were conducted
with spinners and WFL tools to observe the outflow performance, pre-stim and post-stim, across all sections
of the well. Saturation logs were run with resistivity and neutron/density tools after drilling, and with pulsed
neutron extreme (PNX) tools through casing after completing.
All results from the outflow logs conducted as same flow rate (30Mbpd) are shown in Figure 8. An initial
ILT (January 2017), captures outflow with water when C60 was started on injection. The second ILT (July
2017), capture polymer baseline pre-stimulation and after C60 had been injecting polymer for 5 months.
It shows an improvement over water by achieving more even outflow and injection into toe of well (TD
at ~10200ft MD). Finally, the third ILT (September 2018), confirms that even outflow is maintained poststimulation.

Figure 8—C60 outflow PLTs for waterflood and polymer flood before and after stimulation treatment

The saturation logs along the entire wellbore at the time of drilling (December 2016) and post-stimulation
(September 2018) from left to right, heel to tow, are shown in Figure 9. C60 injector was drilled to reconcile
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poor outflow performance from its predecessor. It is evident in the initial log that the toe portion of the new
well was poorly swept and near virgin saturation. The swept section more closely corresponds to the Sorw/
Sorp in reservoir value of 27% (away from injection) measured from pilot wells (Poulsen, 2018).

Figure 9—As drilled saturation profile (So Dec 2016) compared to PNX interpreted saturation (So Sept 2018)

Polymer delivers a higher capillary number for a given rate at the injector which can potentially drive
down oil saturation from 27% to lower levels near wellbore. Since we do not have measured capillary
desaturation curves, assumption of a lower near-wellbore Sorp is an educated guess.
The ILT/PNX tool measured saturation profile along the well 4.5 months after the stimulation treatment
was completed and polymer injection resumed at maximum rate. The results confirm that the entire wellbore
was contacted with chemical because the remaining oil saturations averaged 6 – 11% in the log zones. These
results show that the surfactant substantially reduced near-wellbore saturations. These results also indicate
that future surfactant optimization is an opportunity where final saturations of < 3% may be achievable.
Additionally, a volume of crude oil which results from produced water re-injection between time of well
treatment and logging is calculated from the cumulative water injected and OIW concentration. Assuming all
the oil-in-water injected after stimulation is trapped within the initial 20" depth of investigation by capillary
forces, this would increase the PNX readings. An average residual oil saturation to chemical (Sorc) around
2% is calculated for the log if it had been run immediately after stimulation without any re-saturation from
dirty water injection. Recognizing that there is a degree of re-saturation only reinforces the fact that treated
saturations are irrefutably lower than Sorw/Sorp.
Figure 10 shows the calculated saturations for polymer injection as a function of distance away from
the wellbore, based on the historic fluids injected and maximum rates. The average measured value poststimulation more closely pairs with the estimate of treated wellbore saturations. The star in Figure 10
estimates what the measured log average would have shown, if it were run immediately following the well
treatment without near wellbore OIW re-saturation (see star shift indicated on Figure 10).
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Figure 10—Calculated oil saturation profiles for water, polymer and stimulation fluid as
a function of distance from the injector wellbore (star indicates actual well log average
post-stimulation, and estimates log average without post-stimulation OIW re-saturation)

Optimizing Treatment Volumes
The volume of stimulation fluid was over-designed to treat several feet into the formation and aid future
chemical optimization. Data collected around diminishing return on injectivity improvement is used to
optimize future use of chemical treatment and determine a normalized volume per foot of completion. To
apply this approach, several assumptions must be adhered to future well candidates, including:

•
•
•

inject a similar polymer product and concentration
have established even outflow to polymer
displace with adequate polymer flush viscosity and volume

Injectivity changes were compared with cumulative chemical injected to determine the volume where the
point of diminishing return sets in. This established an optimum amount of chemical for treatment which
was normalized per foot of completion (0.25bbls/ft) to aid in the design of future wells. This volume for C60
was also used to check against effective damage radius of 5ft that was treated and calculate the improvement
in the permeability ratio.
Quantifying Longevity of Treatment
Uncertainty around the sustainability of the treatment led to monitoring the injection post-stimulation.
This is captured in the following plots for actual versus predicted injection rate, cumulative injection, and
injectivity in this section. The well BHP limit was reached in March 2018 and the stimulation was completed
in April 2018, so the rate at the time of treatment had already been reduced from 30Mbpd to 27Mbpd. After
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treatment, the well rates were maintained around 30-32Mbpd when excluding production efficiency. The
low average rate in June 2018 is a result of the 25 days field shutdown for regular platform maintenance
which occurs every two years.
Figure 11 compares the actual injection rate of the well before and after stimulation versus the field
calibrated decline and forecast of a non-stimulated C60 well. The cumulative polymer injection benefit
can be more clearly seen in Figure 12 and Figure 14 which show the deviation in cumulative volume and
injectivity index.

Figure 11—Comparison of post-stimulation actual rate to predicted rate decline without treatment
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Figure 12—Comparison of post-stimulation actual cumulative to predicted cumulative injection without treatment

The injectivity of C60 with polymer injection before and after stimulation is shown in Figure 13. There
has been over a 40% increase in the injectivity index which has been sustained with the well injecting around
30Mbpd polymer about 1 year after the treatment.
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Figure 13—Field data for C60 polymer injectivity showing baseline decline and post-stimulation performance

Figure 14 shows the injectivity index decline for C60 with and without stimulation which are calculated
from the field data. The impact on the polymer flood was being able to inject an additional 5MMbbls while
maintaining the maximum injection rate below the BHP limit. Injecting additional polymer volume (lower
mobility fluid) inherently reduces injectivity and imposes a new rate decline later in time. This is apparent
in Figure 14 by the reduction in injectivity improvement with increasing cumulative polymer injection.
This also suggests that water injectors will observe a higher increase in injectivity when treated (with no
surrounding polymer bank), and that the waterflood rate sustainability will be longer.
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Figure 14—Calculated injectivity performance for C60 well before and after stimulation

This plot also suggests an optimal time for conducting a surfactant-polymer stimulation. While there is
high potential observed injection increase on well earlier in the polymer flood (or with waterflood injector),
rate limitations imposed on the field design with polymer flooding suggest delaying OPEX spend until onset
of rate decline. This also reduces the payback time by having an immediate measurable impact on the field
production and water handling.
Payback on the C60 stimulation is estimated to be around 8 months. However, this job was overdesigned to provide the field data for optimizing other wells. If future wells observe similar performance
improvements, their payback would be reduced to < 4 months on water handling production enhancements
alone.

Conclusions
Surfactant-polymer stimulation is a step change in injectivity by removing phase damage. This is a proven
process which is repeatable even in harsh offshore conditions as experienced in the North Sea. The three
injectors at Captain have delivered injectivity improvements of 200%, 300% and 40%, respectively, which
can be sustainable with both water and polymer injection.
Polymer is critical for a successful bullhead treatment because it provides mobility control of fluids
into the reservoir. Proper mobility design of injected fluids ensures that surfactant outflow contacts the
entire completion. Polymer is used to mobilize viscous emulsions created away from wellbore. As relative
permeability increases, fluid viscosity needs to increase to maintain a favourable mobility ratio. Therefore,
polymer concentration needs to be high enough to keep conformance throughout the clean-up and flush.
Treatments are purposefully executed below the parting pressure to achieve a clear response with
rock matrix. This is especially useful in fields where close well spacing and/or unfavorable field stress
orientations, impede or limit the use of fracturing and redrills. Surfactant-polymer injectivity improvements
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can be used to avoid drilling wells which promotes cost savings and risk aversion. More specifically this
applies to offshore where drilling costs are high, and onshore where infill well spacing can be challenged
with anti-collision requirements. Table 2 below lists some of the key costs and risks that can be addressed
by surfactant-polymer stimulation.
Table 2—Potential costs and risks reduced or eliminated by surfactant-polymer stimulation

This design and execution process can be broadly applied to immiscible aqueous flooding assets around
the world. Whether waterflood or polymer flooding, many reservoirs suffer from poor injectivity and/or
lower than desired processing rates. Surfactant-polymer stimulation opens many opportunities for improved
water handling and accelerating EOR floods.
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Acronyms
BHP
EOR
ETC
FPSO
ILT
OIW
PMU
PNX

bottom hole pressure
enhanced oil recovery
Energy Technology Company
Floating Production Storage and Offloading vessel
injection logging test
oil in water
portable measurement unit
pulsed neutron extreme

SPE-195747-MS

PSD
QA/QC
SAS
SCB
SP
SPF
SUCS
TSS
UCS
WPPA
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particle size distribution
quality assurance / quality control
stand alone screens
synthetic Captain brine
solubilization parameter
surfactant polymer flooding
Southern Upper Captain Sand
total suspended solids
Upper Captain Sand
Wellhead Protection Platform Area

Nomenclature

dPob pressure drop across oil bank
dPPL-fluid pressure drop across polymer bank
dPwf pressure drop across waterflood bank
g gravity constant
h reservoir thickness
HPL Blake-Kozeny coefficient
K permeability
K* viscosity coefficient
KPL power-law constant
Krskin skin effective relative permeability
Krw water relative permeability
L horizontal well length
n shear-thinning exponent
NTl trapping number
Pbar Average Reservoir Pressure
Pinj injection well bottom-hole pressure
Q well polymer injection rate
re drainage radius
rs skin radius
rw wellbore radius
sn Newtonian skin
Sor,min minumum oil saturation at infinite capillary number
Sorl residual oil saturation to phase l
Sorp residual oil saturation to polymer
spl power-law skin
Sw water saturation
Tl trapping constant
u Darcy velocity
WIP cumulative injected polymer volume
x linear distance of polymer bank front
γC shear-rate coefficient
λT-OB total mobility of oil bank
λT-PF total mobility of polymer bank
λT-WF total mobility of waterflood bank
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μw
ρo
ρw
φ
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water viscosity
oil density
water density
porosity
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Abstract
Brines are preferred to solids-laden fluids for completion operations due to their solids-free nature, which
helps preserve formation permeability. Salt selection is mostly driven by the density that must be reached
to match downhole pressure requirements. When density must be above 14.2 lbm/gal (1.7 s.g.), and
crystallization must be prevented, previous options were limited to calcium bromide brines, zinc bromide
brines and cesium formate. These brines have severe limitations: zinc brines can be harmful to oilfield
personnel and the environment, cesium formate brines are cost-prohibitive and not readily available and
calcium brines cannot meet deepwater crystallization requirements.
A new brine technology has been developed, that is zinc-free and extends the density of conventional
bromide brines beyond their theoretical limits. This new technology addresses the limitations listed above,
while providing low True Crystallization Temperature (TCT) and Pressurized Crystallization Temperature
(PCT) to perform in deepwater and cold weather applications.
This paper summarizes the completion fluid properties, laboratory qualification and verification, and
summarizes recent successful field applications of the new high-density zinc-free brine.

Introduction
Halide brines have been commonly used for 50 years in the oil and gas industry to provide a solids-free
environment for completion operations, while providing density for well control purposes (Suman, 1974).
This is a clear benefit compared with solids-laden fluids, such as drilling fluids, where barite or calcium
carbonate particles can settle if left static for a prolonged period of time, even in the presence of a viscosifier.
Particles can also block formation pores and impart formation damage, resulting in reduced production.
The use of soluble salts to provide density risks salt crystallization occurring at low temperatures, if
the concentration of salt is high enough. Increasing salt content beyond the eutectic point will increase the
temperature at which salt crystals can form. This is typically measured by True Crystallization Temperature
(TCT). Crystallization risk is compounded by the effect of pressure on brines that contain salts beyond
the eutectic point, which can increase crystallization temperature by 1.3°F (0.72°C) for every 1,000 psi
of pressure applied (Freeman, 2000). This is typically defined as Pressure Crystallization Temperature
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(PCT) and is associated with a given pressure (Murphey, 1998). Temperature and pressure conditions at the
wellhead are the least favorable in a deepwater well and carry the most risk to have a crystallization event.
When a brine with a density above 14.2 lbm/gal (1.7 s.g.) is required for a deepwater well, calcium
bromide brine displays a PCT above 40°F (4.5°C) at 15,000 psi, making it unusable for deepwater wells
during a BOP test or a shut-in, since deepwater seabed temperatures are typically around 40°F. A mixture
of zinc bromide and calcium bromide is therefore commonly used instead. Zinc bromide has been used for
decades, but it is a priority pollutant in the Gulf of Mexico, and its usage has been banned in the North
Sea. Using zinc bromide carries an environmental liability and a safety hazard. In addition, in the Gulf of
Mexico, produced water that contains free zinc cannot be discharged to the sea and must be disposed of,
which increases oil production cost significantly.
Cesium formate brine has been introduced to address the environmental concerns associated with zinc
brines, and its uptake has been significant in the North Sea and elsewhere. Its benefits are high thermal
stability, natural buffering and anti-oxidant properties, and a density that can reach up to 20.8 lbm/gal (2.49
s.g.) (Cabot Corporation, 2015). The cost of cesium formate brine is an order of magnitude higher than zinc
bromide brine, which makes losses prohibitively expensive, and is not economical for all projects.
This combination of challenges meant that there was no clear alternative to zinc bromide brine. The
industry called for a fluid that could combine the following characteristics:

•
•
•
•
•
•
•
•

Densities above 14.2 lbm/gal (1.7 s.g.), ideally above 15 lbm/gal (1.8 s.g.)
TCT below 30°F (-1°C), and PCT below 30°F (-1°C) at 15,000 psi
Thermally stable at reservoir bottomhole temperatures
Compatible with completion hardware, elastomers and formation fluids
Low formation damage potential, similar to calcium/zinc bromide brines
Zinc-free and Priority-pollutant-free
Stable when static at bottomhole conditions for the duration of completion operations
Economically attractive compared to alternative fluids at these densities

Several technologies have been considered, and the fluid that met the targets listed above was found to
be based on a lower salinity calcium bromide brine with submicron particles to increase density.
It was found that using submicron particles could be associated to other brines, and could also be applied
to sodium bromide brine to increase its density.

Brine Design
Completion brines are solutions of dissolved salts. Brine density is a function of how much salt is in
the aqueous solution, and the maximum solubility of salt in solution at a given temperature and pressure
determines the maximum density of the brine. Alternative salts with high water solubility were tested at
first. However, the tested chemistries encountered high corrosivity or thermal stability issues.
Traditionally, clear brines are solids-free to eliminate risks of particle sagging, loss of hydrostatic pressure
or formation damage (Steele, 2007). In drilling fluids, particle size ranges from around a micron scale
to tens or hundreds of microns. To reduce the risk of particle sag, using submicron-sized particles in
completion fluids was evaluated. One major concern of using submicron-sized particles is the risk of particle
agglomeration and aggregation, leading to larger particles more prone to settling or plugging pores. This
risk can be reduced by selecting particles with a large zeta potential. Zeta potential is indicative of colloidal
fluid stability (Kirby, 2010), and a high absolute value of zeta potential typically translates into high degrees
of stability, because the strong electrostatic repulsion can prevent aggregation by keeping colloidal particles
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well separated from each other and from surfaces. With optimized particle sizing, and properly designed
surface treatment, the selected submicron-sized particle can maintain good long-term suspension stability
in the base brine and can easily pass through formation pores.

Divalent Brine Properties and Lab Testing Results
A zinc-free high-density divalent brine (HDB-A) was developed with 15.4 lbm/gal stock fluid (1.845 s.g.).
The HDB-A brine contains calcium bromide and a specialty weight material made of submicron-sized
particles to provide a zinc-free brine (Figure 1).

Figure 1—Zinc-free high-density divalent brine (HDB-A)

HDB-A brines of various densities can be formulated by diluting the stock brine with calcium bromide
brine. The typical HDB-A brine formulation balances the economical consideration and deepwater
operational requirements. The TCT/PCT and viscosity properties at various temperatures of HDB-A are
summarized in Table 1. It must be noted that HDB-A properties can be adjusted by changing dilution ratios
and changing the formulation to suit the completion requirements.
Table 1—Properties of HDB-A
Property

14.5 lbm/gal HDB-A

14.7 lbm/gal HDB-A

15.0 lbm/gal HDB-A

15.2 lbm/gal HDB-A

15.4 lbm/gal HDB-A

TCT

< -10°F

< 0°F

< 5°F

< 8°F

~ 14°F

PCT at 15,000 psi

< 12 ± 2°F

< 20 ± 2°F

< 21 ± 2°F

< 23 ± 2°F

–

pH

~5.0 – 6.0

~4.5 – 5.5

~4.0 – 5.0

~3.5 – 4.5

~2.0 – 3.0

Viscosity at 40°F

16.5 cP

19 cP

24 cP

37 cP

48 cP

Viscosity at 72°F

9.5 cP*

10.5 cP

16 cP

24 cP

33 cP

Viscosity at 120°F

6.2 cP

6.4 cP

8.8 cP

13.6 cP

17.5 cP

* 14.5 lbm/gal CaBr2 has a viscosity of ~ 8.4 cP at 72°F (22°C)

HDB-A is produced by using a specialty additive to provide the remaining density. These additive
particles are so fine that they easily pass through the formation without plugging or bridging production
pores. Return permeability testing on core plugs demonstrates that HDB-A interacts with reservoir
formations in a manner similar to regular calcium bromide (Figure 2). Results are repeatable and under the
conditions tested, return permeability results and independent of brine density. The nitrogen permeability
of core plugs used for the tests ranged from 170 – 212 mD.

4

SPE-195743-MS

Figure 2—Return permeability tests of HDB-A brines and reference conventional brine

In addition, HDB-A features many benefits compared to brines with increased salt concentration for
density. At a higher concentration of salt, density maintenance is challenging because highly saturated brines
readily absorb water from the atmosphere, requiring maintenance with dry salt or spike brine. The nature
of HDB-A gives it similar hygroscopic properties as stock calcium bromide. HDB-A can be filtered for
conditioning and reuse with conventional oilfield filtration equipment, without any density change.
Due to the lower salt concentration, HDB-A provides a less corrosive environment. As shown in Figure
3, HDB-A features a substantially lower corrosion rate when compared to a calcium bromide brine in the 7day corrosion test of 14.7 lbm/gal fluids (1.76 s.g.) and C4130 carbon steel coupon at 275°F (135°C) with
2.5% CO2 head gas. In 30-day stress corrosion cracking tests, 13Cr-110 corrosion rings were immersed in
14.8 lbm/gal HDB-A brine at 280°F (138°C) and 1,000 psi exposed to gas containing 4.25% CO2, 0.009%
H2S, and 95.6% N2. After 30-day, the HDB-A brine had no sign of pitting or failure (Figure 4).

Figure 3—Lab corrosion tests of HDB-A and reference conventional brine
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Figure 4—Stress corrosion cracking test with 13Cr-110 Corrosion ring in HDB-A after 30-day

HDB-A is compatible with most additives used in calcium bromide brine. Elastomer testing indicates
that compatibility is also consistent with conventional calcium bromide brine.
Static aging was performed to evaluate changes in the fluid density over a five-week period. Fluid
samples were placed in an oven at 212°F (100°C) and observations were made every week; these tests were
performed at ambient pressure. No density settling or density stratification was observed from these tests.
Figure 5 and 6 shows the brine samples as collected at each stage.

Figure 5—static Aging of 15.0 lbm/gal HDB-A at 100°C and at Ambient Pressure- start, 1- and 2-week intervals.

Figure 6—static Aging of 15.0 lbm/gal HDB-A at 100°C and at Ambient Pressure- 3, 4- and 5-week intervals
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Samples were also tested using a HPHT Sag Cell at representative down hole temperatures and pressures
to determine if any particle settling would occur. The test cell was configured to a 45-degree inclination to
make the test more challenging. Table 2 shows the testing parameters and the densities recorded from the
top, middle and bottom of the samples.
Table 2—HPHT sag test results and testing conditions
Sample

Sample 1

Sample 2

Static aging duration

3 weeks

6 weeks

Temperature

212°F (100°C)

212°F (100°C)

Pressure

14,000 psi

14,000 psi

Cell inclination

45°

45°

Mud balance
density

Hydrometer
density

pH

Mud balance
density

Hydrometer
density

pH

Top sample (300 ml)

15.0 lbm/gal

1.806 SG

5.5

15.0 lbm/gal

1.806 SG

5.5

Middle sample (300 ml)

15.0 lbm/gal

1.806 SG

5.5

15.0 lbm/gal

1.806 SG

5.5

Bottom Sample (300 ml)

15.0 lbm/gal

1.806 SG

5.5

15.0 lbm/gal

1.806 SG

5.5

Figures 7 and 8 show the photographs of the samples at 3- and 6-week intervals. The slight blue tinge
in the 6-week photograph was a result of the hydraulic oil from the test apparatus entering the brine at the
conclusion of the test. No particles were observed at the bottom of the test cell.

Figure 7—Photos of sample after 3 weeks of static aging at 100°C/14,000 psi
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Figure 8—Photos of sample after 6 weeks of static aging at 100°C/14,000 psi. Note: the
discolouration is a result of hydraulic oil from the test apparatus entering each sample

Samples made in the lab and left static at ambient conditions for 18 months show no change in
properties, nor show indication of particle settling, showing that the formulated fluid is stable and remains
homogeneous under the conditions tested.
Core flood testing (return permeability testing) with nitrogen gas was also conducted to qualify the fluid
prior to deployment. The apparatus was run at representative down hole temperatures and pressures using
field core plugs. Table 3 shows the results from this testing, which recorded damage of 44% and 46%, which
was comparable to other high-density brines tested on this project with gas.
Table 3—Summary of Core Flood Test Results and the testing Parameters
Test

Test 1

Test 2

Field Core 1

Field Core 2

132.4 mD

117.1 mD

15 lbm/gal HDB-A

15 lbm/gal HDB-A
Brine static aged for
14 days in static oven

16 hrs soak
203°F (95°C)

16 hrs soak
203°F (95°C)

Fluid Loss

10 PV

10 PV

Flow initiation pressure

28 psi

30 psi

Final Permeability, KF

74.4 mD (Damage: 44%)

63.1 mD (Damage: 46%)

Yes

Yes

147.4 mD (Damage: 0%)

125.4 mD (Damage: 0%)

Core Sample
Initial Permeability, KI
Fluid

Fluid Placement

Core plug spun at 4000 RPM for 15 min
Final Permeability, KF
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The environmental impact of HDB-A brine was also considered. Zinc bromide brines are a source of free
zinc that can disturb local ecosystems if discharged to the environment. To prevent accidental contamination,
measures such as zero-discharge during completion operations and segregation of produced water are
necessary and carry significant additional costs. Table 4 shows toxicological data of HDB-A versus calcium
bromide brine. Toxicity of HDB-A is lower than calcium bromide, which makes it compliant in the Gulf of
Mexico and North Sea. HDB-A can be discharged to seawater with an impact similar to calcium bromide
brine.
Table 4—Eco-toxicological data of brines
Marine Organism

Requirement

15.4 lbm/gal HDB-A

14.2 lbm/gal CaBr2

15.8 lbm/gal ZnBr2/CaBr2

Mysid Shrimp
(Mysidopsis bahia)

LC50 > 10,000 ppm SPP

LC50 = 54,770 ppm SPP

LC 50 = 27,450 ppm SPP

LC 50 < 10,000 ppm SPP

Monovalent Brine Properties and Lab Testing Results
The technology of using submicron-sized particles is also applicable to sodium bromide and allowed to
make a high-density monovalent brine (HDB-B). A formulation of the fluid reached 13.1 lbm/gal (1.57
s.g.), and another formulation was made to reach 14.0 lbm/gal (1.68 s.g.), to meet the working requirements.
The viscosity and TCT data of HDB-B are listed in Table 5.
Table 5—Properties of HDB-B
Density

13.1 lbm/gal HDB-B

14.0 lbm/gal HDB-B

TCT

< 0°F

< 25°F

pH

5.0 – 7

5.0 – 6.5

Viscosity at 72°F

5 – 6 cP

10 – 16 cP

The pH of HDB-B fluids (adjustable in the 5 – 7 range), combined with the low salinity due to the
added submicron-sized particle, ensures a low corrosivity of HDB-B fluids. The corrosion rate of Ni-718
and 13Cr-110 are both very low in 13.1 lbm/gal (1.57 s.g.) HDB-B. Corrosion test with C4130 carbon
steel coupons in 13.1 lbm/gal (1.57 s.g.) HDB-B were also carried out at 175°F (79.4°C) for 25 days. The
corrosion rate of carbon steel is relatively higher in 13.1 lbm/gal (1.57 s.g.) HDB-B, but can be reduced by
adding a corrosion inhibitor. The corrosion data are summarized in Table 6.
Table 6—Lab corrosion tests of 13.1 lbm/gal HDB-B and reference conventional brine
Brine

Initial pH

Final pH

Metallurgy

Corrosion
Rate (mpy)

% weight loss

12.5 lbm/gal NaBr

6.50

7.46

C4130

0.54

0.13 wt%

13.1 lbm/gal HDB-B

6.15

4.99

C4130

1.70

0.41 wt%

13.1 lbm/gal HDB-B +
0.5v% Corrosion Inhibitor

7.54

7.16

C4130

0.33

0.08 wt%

13.1 lbm/gal HDB-B

6.11

5.46

Ni 718

0.075

0.0037 wt%

13.1 lbm/gal HDB-B

6.11

4.88

13Cr-110

0.267

0.02 wt%

HDB-B performs like sodium bromide when testing the compatibility with most additives. The elastomer
tests with NBR, HNBR, and Aflas were immersed in 13.1 lbm/gal (1.57 s.g.) HDB-B brine and statically
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aged in 175°F (79.4°C) for 25 days. Changes in weight and hardness are all less than 1%, and all elastomers
maintained initial flexibility and appearance (Figure 9), without shrinking.

Figure 9—Elastomer specimens after heat aging in 13.1 lbm/gal HDB-B and cleaning

Field Application
The HDB-A brine was used on an offshore well drilled by a semi-submersible platform in a cold climate
environment in winter, with a water depth of 600 ft (183 m) and an estimated seabed temperature of 40°F
(4.5°C). A 14.85 lbm/gal (1.78 s.g.) brine was required, based on formation pressure. The target PCT was
40°F (4.5°C) at 10,000 psi, with a target TCT of 16°F (-9°C). HDB-A could deliver TCT/PCT well below
these targets. The maximum temperature the fluid was exposed to was 160°F (71°C).
Handling
The HDB-A brine was shipped to the location as a 15.4 lbm/gal (1.845 s.g.) stock HDB-A brine in tote
tanks. Some totes remained in storage for more than 3 months prior to the start of operations without any
change of properties observed.
The stock HDB-A brine was subsequently diluted to 15.1 lbm/gal (1.81 s.g.) with calcium bromide at
the HDB-A brine plant, and filtered to specifications. Having a higher density than required allowed for
potential contaminations during transportation to the rig site, but no contamination was observed during
boat transfer and the HDB-A brine was received on the rig at the same density. An extensive QA/QC check
was put in place to ensure that all properties remained constant, and any transfer line or vessel thoroughly
examined and cleaned, if required.
At the rig site, the received HDB-A brine was diluted with calcium bromide brine to its final density of
14.85 lbm/gal (1.78 s.g.) without any issue. The HDB-A brine behaved like a calcium bromide brine and
was handled like a conventional brine. Transfer rates of 10 – 20 bbl/min (1.6 – 3.2 m3/min) were similar
to standard brines as well.
Displacement
A direct displacement from oil-based drilling fluid to brine was performed, with a spacer train separating
the two to avoid any mixing and deliver a clean wellbore. The spacers consisted of base oil, a weighted
transition spacer, a wash pill and a tail spacer. The displacement was a success and clean HDB-A brine
with less than 0.05% Total Suspended Solids (TSS) was observed at surface after 336 bbl of HDB-A brine
being overdisplaced. Rates above 20 bbl/min (3.2 m3/min) were achieved in the riser section in the final
stage of the displacement.
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Properties in the well
The HDB-A brine remained static in the well for 10 days for completion hardware to be installed. During
that time, HDB-A brine properties remained extremely stable, without any change of density, color or pH,
and the HDB-A brine did not require maintenance. When circulating during completion operations, no
density difference was observed at the flowline.
Displacement to packer fluid
At the end of completion operations, the HDB-A brine was displaced to a MEG/water packer fluid in the
annulus and base oil in the production tubing with a cement unit. A calcium bromide HDB-A brine pill acted
as a buffer between the packer fluid and the HDB-A brine. HDB-A brine was received at surface without
any indication of contamination, apart from a slight density drop of 0.05 lbm/gal (0.006 s.g.) of the HDBA brine, which was expected given the low flow rates.
The HDB-A brine was then transferred to the brine plant by vessel, where it was filtered and placed in
tote tanks for long-term storage, to be available for future use.

Conclusion
Zinc-free high-density brines were successfully developed using submicron-sized particle technology,
without the negative environmental impact associated with zinc bromide brine. The divalent brine HDBA has a stock density of 15.4 lbm/gal (1.845 s.g.) and low TCT and PCT. The selected submicron-sized
particle has no impact on return permeability. Additional benefits are the relatively lower corrosion and
reduced hygroscopic behavior due to the lower salinity of the base calcium bromide brine. HDB-A performs
like calcium bromide when considering compatibility with typical completion fluid additives. Lab testing
shows that this fluid is suitable for use in deepwater and cold weather environments, and that it carries
environmental benefits compared with standard bromide brines. The absence of zinc bromide, a priority
pollutant, makes it suitable for use in the Gulf of Mexico, the North Sea and other environmentally sensitive
areas. Moreover, the HDB-A formulation can be adjusted to better adapt to job requirements.
The successful use of the HDB-A brine at the rigsite confirmed it is a stable and viable fluid for use in
completion operations, and its performance in the field was similar to the performance observed in the lab.
The monovalent version HDB-B can reach up to 14.0 lbm/gal (1.68 s.g.). It also has low corrosivity and
good compatibility with commonly used elastomers.
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Abstract
We all identify the need to integrate climate change into corporate strategy, with a profitable Carbon
Capture Utilisation & Storage (CCUS) business model the elusive goal. Today, CCUS forms 10% of the
R&D program of Total, a founding contributor to the OGCI Climate Investments fund. Here in the North
East of Scotland, UK and Scottish Governments, along with project developer Pale Blue Dot Energy and
Total are providing match funding to the European Commission’s Connecting Europe Facilities fund to
progress feasibility work on the Acorn CCS project. As society continues to drive an expectation beyond
hydrocarbons, what proposal might the North East of Scotland offer in response?
To meet ambitious emissions reduction targets, the UK must envisage radical changes to the energy
economy. Already affecting power generation, these changes must drive further into transport and domestic/
industrial energy consumption. Two technologies which may play a part in the decarbonisation of the UK
energy business are CCUS and the use of Hydrogen as an energy carrier and energy store, with several
studies showing that clean hydrogen is potentially the lowest cost route to meeting UK emission targets in
multiple sectors. This builds on the UK’s world class gas network infrastructure, which can be repurposed
to avoid becoming stranded, avoiding the enormous expense of increasing the capacity of the electricity
transmission network, much of which would lie idle during the summer. The UK gas network carries
approximately three times more energy than the electricity network, at one third the unit cost to consumers,
and meets winter peaks that are five times greater.
Different to previous CCUS projects, and having the Oil and Gas Authority (OGA)’s first carbon dioxide
appraisal and storage licence award, ACORN is an opportunity to evaluate a brownfield CCUS solution
to capture, transport and store post-combustion CO2, combined with an upside through emerging precombustion CO2 capture technology relating to the production and sale of bulk hydrogen produced from
natural gas with a zero-emission target. Located at the St Fergus Gas Terminal – an active industrial site
where around 35% of all the natural gas used in the UK comes onshore. ACORN is designed as a "lowcost", "low-risk" CCUS project, to be built quickly, taking advantage of existing oil and gas infrastructure
and well understood offshore storage sites. The Acorn Hydrogen project undertakes to evaluate and
develop an advanced reformation process which will deliver the most energy and cost-efficient industrial
hydrogen production process whilst capturing and sequestering CO2 emissions. An initial phase offers
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a full-chain demonstration project, an essential step toward commissioning the concept and subsequent
commercialisation of large-scale CCUS and Hydrogen deployment in the UK.
SPE Offshore Europe represents an ideal opportunity to update both the region and industry on results,
observations, and conclusions with respect to the evolving development architecture, selected process
technologies, Government and gas transportation regulatory engagement as this, the leading Scottish CCS
project continues its journey toward a final investment decision.
Keywords: Acorn, CCUS, Hydrogen Pre-Combustion, Post Combustion, Advanced Reforming

Introduction
Momentum is growing around the adoption of a regional "transition" mindset, with a national transition to a
lower-carbon future already underway. Oil and gas have an important and constructive role to play under a
low-carbon transition, underpinning two-thirds of the UK’s energy need in 2035 with multiple opportunities
for value extraction through leverage of our geoscience and harsh environment knowledge.
Today the UK Continental Shelf (UKCS) continues to grapple with fundamental business environment
challenges, considered now to be the "new reality". Tighter budgets and a relentless focus on efficiencies,
whilst innovation, new technologies and new ways of working are being continually called upon to unlock
the remaining potential of our UKCS reserves. In fact, we are already adjusting, developing the skill sets
necessary, to compete within a widening and transforming global energy market.
Through hard-won benefits, we have seen a recovery from the 2014 price downturn, with production
now at its highest level since 2011, competitive costs are being sustained and momentum is building around
exploration, however those who do not learn from history are doomed to repeat it. The UK did not run out
of coal, but since 2018 Britain has with greater frequency gone days and now weeks without its use in the
generation of electricity, the first time since Queen Victoria was on the throne, creating a landmark moment
in our transition away from heavily polluting fuel. This occurred principally through policy shift, driven by
access to new sources of cheaper and cleaner energy – then (1960-70) it was North Sea Oil & Gas.
This month the Committee on Climate Change (CCC) issued "Net Zero The UK's contribution to stopping
global warming" [May 2019] which followed a review of the latest scientific evidence on climate change,
including last year’s IPCC Special Report on Global Warming of 1.5°C, and considered the appropriate
role of the UK in the global challenge to limit future temperature increases, concluding that net-zero is
necessary, feasible and cost-effective.

•
•
•

Necessary – to respond to the overwhelming evidence of the role of greenhouse gases in driving
global climate change, and to meet the UK’s commitments as a signatory of the 2015 Paris
Agreement.
Feasible – because the technologies and approaches that will deliver net-zero are now understood
and can be implemented with strong leadership from government.
Cost effective – because falls in the cost of key technologies permit net-zero within the very same
costs that were accepted as the likely costs by Parliament in 2008 when it legislated the present
2050 target.

Just like coal before, a new policy shift is dawning where sustainable energy will likely drive to displace
today’s less polluting hydrocarbon fuels.
No one is able to predict the exact mix of technologies necessary to best meet net-zero Green House Gas
(GHG) emissions, but it is clear hydrocarbon-based fuel will face an unprecedented challenge. ACORN
offers the potential to be part of a proposed North East response.
At its core, the intent of ACORN is to develop a hub for Carbon Capture and Storage (CCS), enabling a
more sustainable energy system. ACORN will be focused at St Fergus, in the North East of Scotland where

SPE-195715-MS

3

the concept includes installation of a new Advanced Hydrogen Reformation Process, CO2 compression and
the utilisation of redundant pipelines and infrastructure to transport and permanently store CO2 in aquifers
and depleted hydrocarbon reservoirs located in the Outer Moary Firth. Hydrogen as a product will initially
be blended into the National Transmission System (NTS) at 2% by volume, there-by starting to reduce
natural gas derived emissions across the UK.
ACORN offers a phased means with which to tackle two of the CCC "Net Zero the UK's contribution
to stopping global warming" key recommendations, delivering the building blocks for a Hydrogen Driven
Economy, whilst underpinning a Carbon Capture and Storage (CCS) Project.
Hydrogen has the potential to gradually replace Natural Gas for electricity and heating combined, with
energy-dense applications in long-distance HGVs, trains and ships. CCS is now proposed as necessity, no
longer an option, with an aggregate annual UK capture and storage of 75-175 MtCO2 estimated as needed in
2050 (4 to 9 BCF/day – Note average 2016 UK gas consumption was equivalent to 4.4 BCF/day), requiring
major CO2 transport and storage infrastructure to service at least five Industrial Clusters, with some CO2
transported by ship.
ACORN could be the regional showcase for our diversification into an evolving and widening global
energy market during the decades to come.

The Challenge – Transitioning Natural Gas to Hydrogen
The Role of Natural Gas
Although the UK has made very good progress on decarbonisation, the hardest work is still to come.
emissions from households have fallen by only 15%, and emissions from transport are actually higher than
in 1990. At the same time, a solution is needed for deep decarbonisation of industry, whilst our cities face
an air-quality crisis.
The UK currently has a large dependency on natural gas (466TWh), being widely used for Power
Generation, Domestic Heating & Cooking, and making it the most significant contributor to UKCO2
emissions (about 183 million tonnes in 2018).
The opportunity to reduce emissions by completely or partially replacing Natural Gas with Hydrogen
is now widely recognised.
Hydrogen
Hydrogen (H2), is the most abundant element in the universe, although on Earth it is usually found in
combination with oxygen in water and in other compounds such as natural gas. Once separated from the
other elements it is an ideal energy carrier and the chemical element with the highest energy density. It can
be produced from a range of compounds, including natural gas and biomass, or from water by electrolysis,
using electricity. It produces zero emissions at the point of use, making it very attractive for combustionbased fuel uses such as the generation of heat and electricity.
Current hydrogen consumption is 65 Mtpa, with a European Commission study predicting a potential
demand of up to 300 Mtpa by 2050. A full UK wide heating conversion to hydrogen is estimated to require
in excess of 15 Mtpa in 2050.
The current barriers to hydrogen use are a lack of CCS infrastructure, limited demand for hydrogen as
fuel and the absence of accessable distribution networks (hydrogen re-purposed/blending agreements).
Hydrogen Generation
There are two main pathways to low/zero emission hydrogen production:

•

SMR (Steam Methane Reforming) with CCS

4
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•

Electrolysis using electricity from Renewables.

Today, hydrogen is predominantly made by steam reforming of natural gas, producing carbon dioxide as
a by-product. The reforming reaction for methane is:
In addition, the water gas shift reaction can be favoured by process conditions to generate further
hydrogen:
An SMR unit (Figure 3) is primarily a large refractory-lined box containing hundreds of pressurised tubes
to convert hydrocarbon as per the above reaction.

Figure 1—UK Gas Consumption by Sector

Figure 2—UK CO2 emissions by Fuel 1990 – 2018
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Figure 3—Hydrogen Production using SMR Technology

(Ref: Article by Bill Cotton JM from the "Chemical Enginee"r)

The advantages of SMR hydrogen production include, a good safety record, high thermal efficiency,
and stable energy supply (natural gas), today it is considered the most economical method of hydrogen
production. For these reasons, SMR is thought of as a necessary intermediate step in advancing any future
hydrogen economy.
As an alternative, hydrogen can be produced through electrolysis, the simple decomposition of water
into hydrogen and oxygen by passage of an electric current. The setup for a standard alkaline electrolyser
can be seen in Figure 4 below.

Figure 4—Hydrogen Production using Electrolysis

Electrolysis provides very pure hydrogen, is easily scalable, and produces zero emissions if powered by
renewable electricity sources. As such, it is more suited to decentralised applications.
Electrolysis requires a large amount of power and due to the intermittency of renewable energy, tends
to be more expensive to industrially produce. Most estimates place the SMR cost in range of 2-4 €/kg of
H2, with a linear dependency on gas price. Incremental improvements are being evaluated through design
efficiency despite the maturity of the technology. Electrolysis cost is currently estimated at between, 4-8 €/
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kg of H2, however with technological advances in both electrolysis and renewable power, it will grow to
represent a larger portion of the hydrogen production economy, with eventual price convergence.
While 96% of current hydrogen production comes from SMR, it is also the case today that 95% of
hydrogen production results in high CO2 emissions. To meet the UK’s decarbonisation targets, it is important
that carbon-based emissions, produced via SMR are captured and stored by coupling SMR and CCS plant
technologies.
Hydrogen Driven Economy
Studies have shown that clean hydrogen is the lowest cost route to allow the UK to meet emission targets
across multiple sectors, as it builds upon our existing gas network infrastructure, which can be repurposed.
Doing so would avoid the enormous expense (e.g. £2.8 billion for 100 miles of proposed electricity cables
in Cumbria) of building a much larger electricity network, much of which would lie idle during the summer,
as the UK gas network carries approximately three times more energy than the electricity network, at one
third the unit cost to consumers, meeting winter peaks which are five times greater (Figure 6 below).

Figure 5—Hydrogen Production Cost Comparison
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Figure 6—NTS Capacity = x5 Electric Grid, Storing Energy @ 1/x Price

Currently, hydrogen is not permissible in the national transmission system (NTS) as the allowable
concentration is less than 0.1%, (Figure 7) which is defined in the Gas Safety (Management) Regulations
(GS(M)R). This low value was inherited from the legislation designed for converting the UK from "Town
Gas" (H2&CO) to "North Sea Gas" (CH4) in the 60’s and 70’s. Work is being conducted to increase the
allowable concentration, considering an initial target of up to 2% hydrogen by volume.

Figure 7—National Grid Supply Specification

8
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Technical barriers remain to full hydrogen conversion of the gas infrastructure, specifically the
assessment of any potential safety impact, or gas quality received by end users. Hydrogen embrittles many
of the steels used for the NTS pipelines, creating the potential for dangerous leaks. Sections of the UK
system already have advanced materials, more suitable for hydrogen transportation but the adjustment of
end-use appliances to be 100% hydrogen ready, is still required.
Recent U.S. studies suggest that safely transporting a hydrogen-natural gas blend over an existing natural
gas pipeline network is technically possible at levels between 5 to 15 percent hydrogen by volume, assuming
the system in question is maintained.
Current European regulations allow between 0.1–12 percent hydrogen in natural gas lines. All analyses
stress the critical importance of a case by case assessment before introducing hydrogen into a natural gas
system.
Given its history and materials, [we] suggest the UK system can specifically accommodate 20 percent
hydrogen. For residential use, UK estimates suggest some six million tons of carbon could be saved if the
program were to be extended across the country.
The UK has the opportunity to take a lead on decarbonised hydrogen, with the neccessary skills, ideas, and
infrastructure. In terms of our UK-led research strengths, the H21 Leeds project has shown that conversion
of at least parts of the distribution network to 100% hydrogen is feasible, and the distribution networks and
their partners are now working on further feasibility and safety studies, (Ref: Aberdeen Vision Project).
Further funded projects like HyDeploy, HyNet, Future Billing and Project Freedom are studying how to
support greater variety in the sources of gas used in the network, and how hybrid technology can support
decarbonisation across the whole system. This work is complemented by the government’s £25m Hy4Heat
fund (Figure 8).

Figure 8—BEIS £505m Energy Innovation portfolio

Hydrogen – North East Region
Aberdeen Strategy Framework 2020 was launched at All-Energy in May 2013, followed in March 2015
by the Hydrogen Strategy and Action Plan 2015-2025 a more detailed 10-year strategy outlining the key
actions required to ensure Aberdeen remains at the forefront of hydrogen technology.
The strategy sets a vision for securing Aberdeen's place as a centre of excellence in hydrogen
technologies, (Figure 9) reinforcing the area's position as an energy city now and in the future.
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Figure 9—Aberdeen, Hydrogen Production, Storage and Use Concept

In Aberdeen today, a 1 MW electrolyser system capable of providing up to 400 kg/day is used in the
production of hydrogen for ten buses, refuelling two buses back to back in under 30 minutes.

ACORN
ACORN is the over-arching name for a low carbon multi-project development, strategically based at St
Fergus in North-East Scotland, encompassing a phased, transport and storage-led (T&S), full-chain CCS
project, driven initially from CO2 produced as a by-product of hydrogen processed at scale from North Sea
natural gas.
At ACORN’s core, lies the opportunity to re-use three large offshore pipelines and one large onshore
pipeline built for transporting natural gas from the North Sea but now surplus to requirements and available
for potential re-use. The onshore pipeline (FEEDR 10) sits within the build-out strategy where connections
to the Grangemouth industrial centre and integration with the existing deep-water harbour at Peterhead will
support other regions in the UK by leveraging this "low-cost", "low-risk" CCS project, until a national
business case and scale for infrastructure can be developed.
This "T&S Infrastructure" led approach, coupled with scalability, will deliver major cost savings. Looking
forward, gas is likely to retain a key role for power generation, industry and heat for some time. 35% of the
UKs natural gas landfalls at St Fergus, creating options to build a decarbonised gas supply for the UK, by
combining hydrogen generation from natural gas with CCS.

10
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In the initial phase of Acorn Hydrogen, at least two percent hydrogen by volume is to be blended with
natural gas through the national network serving the wider UK.
The potential for a hydrogen pipeline to be built is being studied by the distribution network to serve
Aberdeen City’s regional gas system (or sectioned-off parts of the network) and Aberdeen’s transport hubs.
Blending hydrogen with gas would help de-carbonise the gas network, with further potential to reduce
emissions in transport and industries that use natural gas.
Hydrogen processed at scale from North Sea natural gas, plus Carbon Capture and Storage (CCS),
actively commissioning the concept, delivering the foundation for commercialisation of both CCUS and
Hydrogen in the UK.
To date, ACORN studies have been funded via multiple UK and EU funding initiatives. Future funding
calls will increase substantially in both financial and political terms e.g. Industrial Strategy Challenge Fund
- wave 3 shortlist "Industrial decarbonisation", which was announced at COP24 climate talks, where the
challenge is to develop and deploy low carbon technologies and enabling infrastructure. Subject to business
case and match funding from industry, government is prepared to invest up to £170 million in this challenge.
ACORN’s current funding status includes:

•

•

April 2017: Acorn Carbon Capture received support through the ERA-NET ACT programme,
awarding €2M of funding to deliver a €3M research project. This work was completed in Q1 2019.
ACT (Accelerating CCS Technologies) is an international initiative to establish CO2 capture,
utilisation and storage (CCUS) as a tool to combat global warming. The ambition of the 13
partners is to fund research and innovation projects that can lead to safe and cost-effective
technology.
This Acorn project was classified under the Chain Integration theme focussed around scientific
research aimed at informing some of the gaps in the research and development landscape, including
maximising storage efficiency. Geological models, geomechanical experiments and dynamic flow
modelling provided the scientific evidence to design the most efficient storage solution possible.
A costed storage development plan and full business case was developed. https://actacorn.eu/
downloads
July 2018: Acorn - CO2 SAPLING carbon capture and storage (CCS) project (https://pale-blu.com/
co2-sapling/) became the first-ever CCS project to be awarded grant funding under the European
Commission Connecting Europe Facility (CEF) 2014-2020 2018-1 Energy Call for Proposals. A
second bid proposal (for 2018-2 Energy Call for Proposals) was submitted in October 2018.
Projects of Common Interest (PCIs) are key cross border infrastructure projects that link the
energy systems of EU countries. They are intended to help meet the energy policies and climate
objectives of the EU and member states: affordable, secure and sustainable energy for all citizens,
and the long-term decarbonisation of the economy in accordance with the Paris Agreement. PCIs
have access to a total of €5.35 billion in funding representing part of the Connecting Europe
Facility (CEF), the European Union's €30 billion fund for boosting energy, transport, and digital
infrastructure between 2014 and 2020. This funding is intended to speed up the projects and attract
private investors.
The Acorn CO2 SAPLING PCI aimed to establish, through a phased build-out programme,
a strategic, transnational CO2 transport infrastructure capable of transporting over 12 Mt/yr of
CO2 from emitters around the North Sea Basin with permanent sequestration in high quality deep
and secure, geological reservoirs below the North Sea. The project supports clean development
industrial activity in the UK and around the North Sea Basin by providing de-carbonisation
infrastructure for national and transnational CO2 transport.
The framework of the wider Acorn CO2 SAPLING PCI feasibility study phase is configured
under discrete technical modules:
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T1 - Definition of facilities to compress and condition CO2 at St Fergus and the offshore
infrastructure to deliver it to the injection wells subsea;
T2 - Definition of onshore facilities at Peterhead to allow import and export of liquid CO2;

T3 - Definition of modifications required to allow use of the Feeder 10 pipeline to deliver CO2
from the Scottish Central Belt to a new facility at St Fergus.
October/November 2018: Pale Blue Dot Energy secures a Seabed Lease Option from Crown
Estate Scotland and award of a CO2 Storage Licence from the Oil and Gas Authority. This was the
first UK CO2 Storage Licence awarded out with a UK Government CCS competition programme.
April 2019: Pale Blue Dot Energy are successfully awarded a Phase 1 contract in the BEIS
Hydrogen Supply Competition. The Feasibility study will be undertaken from March to September
2019. BEIS funding for Phase 2 is dependent on the outcome of Phase 1.
Phase 1 undertakes to evaluate and develop an Advanced Reformation Process. This will deliver
an energy and cost-efficient process for hydrogen production from North Sea gas, whilst capturing
and sequestering CO2 emissions to prevent climate change. Technology Evaluation processes
will affirm the Best Available Technology (BAT) for an Advanced Reforming pilot plant, with
efficiencies above 80%, offering the lowest technical costs, compared to other standard commercial
technologies.

ACORN Development Basis
With a development such as ACORN, the development perspective must be reversed, compared to a
"conventional" one in which a hydrocarbon reservoir would dictate the development architecture. In
a Brownfield CCS development, a combination of supply specification and re-useable pipeline design
envelopes drives the process. Injection rates becomes an iteration with the reservoir to determine storage
capacities and fill rates, given the increase of back-pressures over time.
Hydrogen
St Fergus gas blending must account for variations in gas flow at the terminals. Figure 13 illustrates the
potential hydrogen flow rate variation over the past three years curtailed by a 2% specification by volume.

Figure 10—ACORN CCUS & ACORN Hydrogen Vision (Ref SGN/Aberdeen Vision Project)
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Figure 11—ACORN Development Summary

Figure 12—ACORN Concept Overview
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Figure 13—Historical Gas Flow through St Fergus Converted into Hydrogen Demand

The bars give minimum and maximum daily flows within each month with the plotted curve representing
the monthly average. When calculating the amount of hydrogen that should be blended into the gas stream
the overall energy value of the gas flow was kept the same as if the NTS was being operated on pure methane.
Monthly hydrogen generation capacity requirements could vary between a minimum of 110MW (daily
minimum of 77MW) and a maximum of 250MW (daily maximum of 262MW). The average hydrogen
output required over the past three years is around 172MW. There may be opportunities to manage the
hydrogen generation by utilising turn down ratios, storage or by including additional hydrogen demand
(local site(s) power generation). The National Grid long term forward forecast for gas throughput at St
Fergus is relatively flat, providing confidence in using this history as a guide to future volumes and
variability.
Driving deeper decarbonisation using hydrogen would require a further substantial investment in
generation capacity as its proportion is increased. Figure 14 gives an indication of the generation capacity
required to be installed, as the NTS moves towards 100% hydrogen.

Figure 14—Hydrogen Generation Requirements for St Fergus NTS Blending
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Figure 15—Preliminary Functional Requirements

Feedstock to the hydrogen generation plant is assumed to be natural gas, supplied via a side stream takeoff from the St. Fergus cluster processing systems. A supply rate of 19.4 te/hr is envisaged to support a 200
MWth hydrogen generation plant design. Although the exact take-off location has not been identified, it is
assumed that gas will be supplied at:

•
•

An operating pressure which supports the optimal Advanced Reformer Unit (ARU) operating
envelope (circa 30-35 barg), without the requirement for any additional upstream compression/
let-down. The ARU requires a supply pressure of 45barg at the hydrogen generation process inlet
termination point
An operating temperature range reflective of ambient conditions at the hydrogen plant termination
point.

It should be noted that the different options for natural gas supply are subject to technical and commercial
considerations. For example, natural gas could potentially be supplied at pressures of up to 70 bara, offering
compression and let-down optimisation opportunities, which will be explored once tie-in locations are
finalised.
Produced hydrogen is assumed to be returned to the NTS export system via a tie-in downstream of the
national grid compression facilities at St. Fergus. New hydrogen compression facilities are envisaged within
the generation plant to facilitate this proposed tie-in.
An integrated custody transfer metering, analyser and control system will be required to modulate
the blending of hydrogen and natural gas within the system constraints. Given the potential safety and
performance issues associated with delivering off-spec gas to customers, this system is expected to be safetycritical.
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CO2 Capture & Delivery Conditions
The base case assumes the use of an amine unit to capture the CO2, with the potential for alternative
technologies investigated to increase capture efficiency. Recovering and exporting the CO2 at an elevated
pressure would reduce compression requirements and therefore be a favoured concept.
A 200 MWth hydrogen generation facility is envisaged with the capacity to produce a peak of 0.44 Mte/
yr the equivalent of 23 MMscfd CO2.
CO2 will be delivered at 0.5 barg and 40°C, this low-pressure condition is based on the recovery and
transfer of CO2 governed by the base case capture technology of amine regeneration.
Full, multi-stage compression of near-atmospheric gas phase CO2 to dense-phase, for export to the
offshore injection site is included within the limits of the PCI CO2 SAPLING study.
Pipelines
The project assumes that existing offshore redundant gas pipelines (Atlantic and/or Goldeneye pipelines)
which run from St Fergus to the Acorn Storage area would be reused with new infield pipelines installed
to access specific injection site(s).
There are many specific issues related to CO2 Pipeline Re-use:

•
•

•

Internal corrosion control, - under normal circumstances the line will operate using dewpoint
control and therefore be dry. A limit of 50 ppm H2O is specified, avoiding the risk of carbonic
acid (H2CO3).
Effect of impurities - The formation of an aqueous phase is not only dependant on temperature and
pressure of the phase but also the level of impurities present which will drive the formation of an
aqueous phase at a lower water concentration than that required for 100% CO2. If this were to occur,
it could result in the formation of an aggressive corrodent. Furthermore, additional contaminants
such as H2S, SO3 and NO3 will also segregate to the aqueous phase and thus have the potential
to lower the solution pH via the in-situ formation of sulfuric and nitric acids (in addition to the
existing carbonic acid).
Material Toughness - The three major issues relating to material toughness are:

◦
◦
◦

•

Fracture at low temperature due to gas decompression across any cracks or valves during either
leakage or cold start-up/ shutdown
Crack initiation
Running ductile fracture propagation

The avoidance of fracture initiation is normally ensured through the specification of linepipe
materials and verification through testing during the design and procurement process. Essentially,
fracture initiation should not occur under all design and operating conditions in linepipe meeting
all the specified mechanical and non-destructive acceptance criteria.
Low temperature fracture initiation - Pipeline change of use to CO2 could potentially result in
the existing pipelines experiencing low temperatures. In order to prevent brittle fracture, it is
good practice to demonstrate that the linepipe steel and associated welds exhibit a ductile-brittle
transition temperature below the specified minimum design temperature.

Justification of life extension requires significant study of the Cathodic Protection (CP) system and
fatigue life, to justify any change of use: consideration of low temperature contraction; non-metallic
materials (valves and gaskets etc.); and long term exposure of internal coatings to dense phase CO2 will
be required.
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Forward work program recommendations include an ILI (intelligent pigging) to confirm the internal
condition of the pipeline. Such an inspection should be able to quantify corrosion damage and any axially
aligned crack like defects. External inspection should be used to assess the external condition of the pipeline
and should check for general damage, freespans and CP condition.
Contaminants such as SO3, NO3Sox, N2, H2, CH4 and O2 should be as low as reasonably possible in any
future shipping specification.
Sub-Sea Injection System (SIS)
Water depth at the potential storage sites is approximately 115-120m. A subsea development concept is
assumed. With a single site and well location to be selected for the first development phase. It is anticipated
that further wells and infrastructure will be added in subsequent phases.
The current project assumption is that an 80-110km umbilical would need to be installed from the St
Fergus terminal to the location of the first well drilled at the Acorn CO2 Storage Site.
Options to avoid the cost and potential environmental impacts of installing a conventional umbilical to
shore are under investigation, referred as an "Umbilical-Less" concept.
Scope includes for a market review and technical evaluation of potential "Umbilical-Less" concepts for
power, control/monitoring and methanol injection to the subsea tree(s) and manifold(s).
Subsurface
The proposed storage reservoir is the Captain Sandstone Member, a Lower Cretaceous submarine fairway
deposited in the E-W aligned South Halibut Trough, around 100km offshore in the Outer Moray Firth.
Reservoir properties are excellent, with an effective seal from overlying calcareous shales proven by the
existence of numerous hydrocarbon accumulations. CO2 could be injected into abandoned gas fields and
contained by structural trapping, or into the saline aquifer, where it would be stored by a combination
of residual trapping, dissolution and mineralization. Initial pressure is hydrostatic, with evidence of
communication between fields on a reservoir timescale and a seabed subcrop around 100km west of the
injection area. Compared to a closed aquifer, this open configuration significantly increases the potential
storage capacity, as injected CO2 could displace salt water without excessive pressure buildup at the injection
sites (Jin et al., 2012). Prior to injection into abandoned fields or the open aquifer, containment and well
integrity risks would be thoroughly evaluated, with a dedicated monitoring plan put in place.

Conclusions
We all identify the need to integrate climate change into corporate strategy as society continues to drive an
energy expectation beyond hydrocarbons. In this, the North East of Scotland has much to offer, specifically
a collaborative 'learn by doing' proposal centred upon ACORN.
It is the intention of ACORN to address the actions outlined in the Clean Growth Strategy of 2018,
offering a timely deployment pathway for Carbon Capture, Utilisation and Storage (CCUS) as the
foundation for a decarbonised gas system. As a Nation and a Region, we now need to be clear on our
commitment toward decarbonised hydrogen and CCUS.
ACORN is located at the St Fergus Gas Terminal: an active industrial site where around 35% of all
the natural gas used in the UK comes onshore, and is designed as a "low-cost", "low-risk" CCS project,
to be built quickly, taking advantage of existing oil and gas infrastructure and well understood offshore
storage sites. The Acorn Hydrogen project undertakes to evaluate and develop an advanced reformation
process, which will deliver the most energy and cost-efficient industrial hydrogen production process, whilst
capturing and sequestering CO2 emissions.
The key to national climate change cost reduction is in the process of 'learn by doing' through the
development of early stage projects. As projects such as ACORN, are developed significant learning will
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accrue, which will reduce costs through; reduction in risk, reduced contingency, reduced finance costs,
clearer supply chain roles, increased supply chain focus, new and emerging technology and other CCS/H2
system based technical and commercial factors. ACORN could unlock the full potential of offshore wind in
the North Sea, through delivery of a hydrogen economy that may combine with future power to molecules
solutions.
ACORN offers the opportunity to evaluate a brownfield CCUS solution to capture, transport and store
post-combustion CO2, combined with an upside through emerging pre-combustion CO2 capture technology
relating to the production and sale of bulk hydrogen produced from natural gas with a zero-emission target,
preparing a future roadmap for sustainable energies.
To meet ambitious emissions reduction targets, the UK must envisage such radical changes to the energy
economy. Hydrogen offers an exciting opportunity to develop and diversify the energy industry in the North
East of Scotland, maximising the capacity and value of both North Sea infrastructure and renewable energy
and giving greater energy security, through this long-term development.
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Abstract
A Digital Twin is a software representation of a facility which can be used to understand, predict, and
optimize performance to help to achieve top performance and recover future operational losses. The Digital
twin consists of three components: a process model, a set of control algorithms, and knowledge.
Usually the time for commissioning a project exceeds the initial estimations, therefore delays in project
completion are quite common. This is often because ICSS testing is done on a static system which does
not account for how the system will react dynamically to certain scenarios such as start-ups and shutdowns.
Issues such as configuration errors, loop behaviors, start-up over-rides, dead-lock inter-trips and sequence
logic are difficult to predict and are impossible to anticipate during static testing. Such delays lead to higher
costs and therefore reduced revenue.
This paper aims to describe the most innovative approach to Project & Operational Certainty, which
addresses these issues by using a Digital Twin for commissioning support and training. One successful
use of this approach was in the Culzean project, an ultra-high-pressure high temperature (UHP/HT) gas
condensate development in the UK sector of the Central North Sea. A high-fidelity process model was built
and fitted to the actual plant performance based on equipment data sheets. This was connected to ICSS
database and graphics, offering a realistic environment, very close to the one offshore, which had the same
look and feel for the operators.
Dynamic tests conducted on the Digital Twin predicted issues on the real system, which enabled potential
solutions to be tested, leading to a significant decrease in the time spent and cost during commissioning. All
the operating procedures were dynamically tested, which enabled us to correct errors, saving time before
First Gas. Additionally, all CRO (Control Room Operators) and field technicians were trained and made
familiar with the system months in advance, aiming to avoid future unnecessary trips during First Gas.
Finally, all the control loops were fine tuned in the Digital Twin and parameters were passed to off shore,
to be used as first starting point. It is expected that these parameters will be very close to fine operational
points, as the model used is high fidelity model and very close to real system offshore.

Introduction
As decision-makers in the process industry embrace Digital Transformation to improve visibility over their
businesses, to increase their asset reliability and to optimize their operations, it is imperative to consider a
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Digital Twin as the first step of this transformation (see Fig. 1). The Digital Twin is a key technology of the
Digital Ecosystem which leads to top quartile operation performance.

Figure 1—THE DIGITAL ECOSYSTEM [1]

A Digital Twin must be a practical investment for any operations manager to make, regardless of the
size of the plant or the industry. It must allow plant operations to reduce the cost and risk of improving the
operation and control of the plant and support upskilling of the work force. It must be proven to provide
value to the execution of capital projects and control system modernization as well as the lifecycle operation
performance of the plant.

Description of the Digital Twin
The Digital Twin is a representation of the physical plant assets (i.e. process equipment, instrumentation
and controls) and the processes that take place within them (i.e. chemical reactions, separation processes,
heat transfer). The Digital Twin does that with some unique features that support the value and use for plant
operations.
1. Control Automation System - The process control automation platforms represented with an exact,
complete replica of the control system configuration without changes. This direct connect approach,
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using a control system simulator, provides the customers with an exact replica of the control system,
functionality, and interfaces.
2. Selective Fidelity – A selective approach to model fidelity means that everything is simulated on a
best cost basis supporting the goals of the project and the process. Selective fidelity also supports fast,
flexible deployment of solutions to meet tight project schedules.
3. Open Architecture – The interaction between control data, historical data, and design data is
integrated in an easy-to-use structure that can evolve and change with the needs of the operation,
delivering a low total cost of ownership. Custom thermodynamics and custom unit operations are
integrated into the solution using a high-performance DLL integration library. Connectivity with other
automation systems or simulator technologies is possible through OPC UA and OPC DA protocols.
4. Cloud Ready – The Digital Twin is built on a 64-bit architecture, multi-threaded architecture built for
virtual environments (VMWare, Hyper-V or Citrix) or Cloud Hosted Solutions. Multi-user support
makes it an ideal solution for distributed teams, learning management systems and automation
program deployments.
The Digital Twin supports the needs of control system engineering, allowing distributed teams access
to system experts, regardless of location. It supports the proven value of using dynamic simulation for
designing, implementing, and testing automation solutions.
It enables virtual training of process operators and supports the continual need for process optimization
and experimentation without risk to the process or the operations of the plant.
The Digital Twin solution is designed for a broad range of industries and operations. Delivering business
results across the process industry from chemical, food & beverage, life sciences, pulp and paper to mining,
upstream oil & gas, refining and petrochemical, a flexible and complete Digital Twin solution covers this
wide range of industry needs.

Building the Digital Twin
The Digital Twin is built on proven technology, providing a digital representation of the automation system,
IO systems, and process. See Fig. 2.

•
•
•
•

The control automation system is represented by the control system simulator. The plant uses a
process control simulator to provide a direct replica of the control strategies, operator displays,
and alarms.
An extension embedded within the simulator using OPC DA protocol provides IO connectivity
and a real-time execution and integration solution for these automation platforms.
The high-fidelity process simulator (containing standard modelling libraries), which is used to
accurately replicate specific unit operations such as processes equipment data and operating
conditions.
Scenario Manager, an advanced instructor functionality, implemented as a chronological set of
different process upsets (scenario actions), which are being executed independently to support
effective operator training, allowing users to develop structured, repeatable and measurable
operator training sessions.
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Figure 2—DIGITAL TWIN COMPONENTS

The solution is hosted in a virtualized software architecture environment using an integrated virtualization
environment which includes virtual machine templates and virtual networks, based on standard Microsoft
Windows Hyper-V virtualization technology.

Lifecycle of the Plant
The Digital Twin functions as a Lifecycle Dynamic Simulator or Multi-Purpose Dynamic Simulator. In the
best practice approach, it is applied to both Capital Project Execution (CapEx) and Operational Excellence
Initiatives (OpEx).
Customers are either concerned with capital projects or with plant operations. Customers who are
concerned with capital projects, typically plan and execute the projects within a 1-5 yr. horizon. Their main
concern is to design and build a plant asset which meets production and product purity requirements, within
a given timeframe, and keep within the capital investment budget. A program called Project Certainty can
be used by such customers in order to:

•
•
•

Reduce complexity
Eliminate technical and schedule risk
Accommodate changes during execution.

Customers who are concerned with plant operations, typically operate and maintain a plant asset
throughout its lifecycle, which is typically 20-40 years. The main focus for such customers is to ensure
the safe operation of the facility, maximizing uptime, minimizing operational costs, meeting production
targets, and minimizing emissions. A second program called Operational Certainty can be used by such
customers to:

•
•
•
•

Improve plant asset reliability
Optimize production
Minimize emissions
Ensure safety
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Applying the Digital Twin to Capital Project Execution (CapEx)
The Digital Twin brings benefits across the entire lifecycle of the facility. It is important that throughout
any project, the customer performs a design validation of the control system, developing a simulator in
parallel. See Fig. 3.

Figure 3—TYPICAL PROJECT EXECUTION

The Digital Twin is a valuable tool for both new process investments and process control modernization.
Following best practices, the dynamic process model is developed early in the project and refined and tuned
through project execution, into process unit and automation system commissioning. Using this same model
for process and control system engineering, control system validation, operator training, and operations
support provides the best results and reduces the cost of development and maintenance of the simulator.
Pre-FEED - the strategy for the Digital Twin is defined and the functional requirements are developed.
FEED - the dynamic simulation is used to review process design and control philosophy and to identify
control and operational issues early in plant design.
Automation System Design / Implement / Test - during control system engineering, the dynamic
simulation is integrated to the control system simulator. This begins the use of the integrated Digital Twin.
The Digital Twin is used to test control system configuration and graphics. Control design can be evaluated
early in the project when rework and changes will have the least project impact.
Factory Acceptance Testing - including system integrity and operational tests are done with the Digital
Twin. Operating procedures are tested and refined. Problems and issues that could delay unit startup or
disrupt production are caught before they impact the project. Loops are initially tuned to support smooth
startups.
Operator Training – begins early, at the completion or concurrent with FAT. Operators begin developing
competency well before the startup of the plant or the commissioning of the process automation system
using the Digital Twin. Structured training and open exploration of process dynamics and control system
performance are both valuable in preparing the operator for actual plant operations.
Applying the Digital Twin to Operational Excellence Initiatives (OpEx)
In a similar way as described above, the Digital Twin can be used during the operation of the plant to train
operators on the new system before it goes live. In addition, customers can continue to test operational
changes and improvements in the simulated plant, to make sure hidden errors don't cause unplanned
shutdowns when changes go live. See Fig. 4.
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Figure 4—KEY POINTS DURING PLANT OPERATION

The investment in the Digital Twin provides excellent returns for the lifecycle operation of the process
plant. The investment can be easily justified based upon the following OpEx benefits. In addition, by
using the same simulation technology and dynamic model applied to the CapEx initiative, a cost-effective,
integrated, consistent approach can be realized.

•
•
•
•
•
•

Process Control Improvements are developed, tested, and demonstrated to operations
management without affecting the operation or production of the actual plant. The control system
configuration developed in the Digital Twin is exported directly to the process automation system
minimizing operational risk.
Training New Operators on process operations, startup and shutdown procedures, and hazardous
or infrequent process occurrences, is accomplished without affecting the running process.
Evaluating New and Experienced Plant Operations is done on pre-developed training scenarios.
Plant operations competency requirements are established and reinforced with repeatable,
measurable, documented training sessions.
Process Optimization Studies are done on the Digital Twin providing the process engineers with
a tool that accurately models the process dynamics not seen in steady-state design models. Process
changes with control improvements are thoroughly tested before construction begins, reducing
rework and startup times.
Process Safety Design is tested on the Digital Twin without impacting the process. Levels of
Protection (LOP) in the BPCS, SIS, and Operating procedures are verified before implementation.
Capital investment decisions are validated and optimized using the Digital Twin.
Process and Regulatory Documentation is developed and tested on the Digital Twin without
impacting the operation of the process.

Benefits
To meet production goals, customers need confidence in their control system and operations staff. Even
though modern control system technology has greatly improved plant operations, the implementation of a
new control system always introduces risk, and plant operations may not accept the new system. In addition,
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experienced operators are leaving the industry faster than they are entering, and customers need a way to
capture their valuable knowledge to pass onto new operators.
To improve process operations, improve process control design, and prepare operators, customers need a
way to accomplish all three without affecting plant production. Using a Digital Twin of the control system
and process, these tasks can be accomplished, helping to achieve operational certainty and outstanding
performance.
Reducing Time to Operator Competency
New greenfield investments have the need to improve operational performance. According to the 2010 SBC
Oil and Gas HR Benchmark report[2], it takes six to seven years to prepare a chemical plant operator to
make good decisions. With the average tenure of five years or less, plant operators in the process industries,
move on to other roles before they are competent in their current position. The industry needs a way to
accelerate operator competency.
By implementing the Digital Twin, years of plant experiences can be compressed into months, by
allowing the operator to experience process events, startups, and abnormal situations rarely seen in the plant.
Prepare operators for unusual circumstances
In addition to training on formalized programs designed for typical plant operations, customers can provide
a hands-on approach with a simulation of the actual plant. Training managers introduce simulated scenarios,
process upsets, and equipment failures, allowing operators to experience infrequent plant events and
emergency situations in a realistic training environment. Operators gain confidence working in an exact
replica of the plant's control system and process.
The most experienced and best operators can handle almost any situation, and customers need to
transfer that valuable knowledge to new operators. Most formal training programs equip personnel with
the knowledge of how to operate the plant under normal conditions. While helpful, those programs do not
provide operators with the skills needed to adapt to an unusual event. The operators need to be well-versed
on any number of incidents that might arise.
The Digital Twin allows training managers to simulate unplanned process events and malfunctions in
a virtual environment. The identical offline system appears and performs just like the actual plant, giving
operators the hands-on training typically gained with years of experience. One of the functionalities of the
Digital Twin called Process Snapshots provides a one-click restoration of the process and control system to
saved conditions, allowing repeated training on key process events.
1. Manage training events from a custom dashboard
The instructor station graphics include process equipment controls, structured training scenarios,
snapshot controls, remote operator functions and other customizable controls.
2. Trigger events operators typically encounter
Begin a training event with either an automatic process trigger or manual prompt by the instructor.
3. Operators take actions on the exact same screens
The operator reacts with a series of actions or inaction on an operator graphic identical to
production.
4. Score the operator performance
Using pre-determined correct actions, the operator's performance is documented in a scored training
report.
5. Reset the simulator to quickly begin new sessions
One-click snapshots bring the simulator back to a specific process point or steady state to begin
a new session.
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Test engineering changes before implementation
If changes cannot be tested, innovative ideas to improve performance may be ignored. Dynamic simulation
provides a testing environment for process control and operations improvements before applying them to
the real plant. The Digital Twin offer the possibility to experiment on the simulated process to determine
what changes will make the targeted improvements without affecting the live operation. This enables the
delivery of the best possible results the first-time changes go into production.
Control engineers often develop innovative ideas to improve plant operations. The value of control studies
or modernizing entire systems is clear, but without thorough testing and validating, the ideas can be too
risky to put into action.
Digital Twin technologies provide a safe way to verify potential changes to the production system. Hidden
errors can be found before they get transmitted to the plant control system by first testing control and
operation improvements.
1. Identify configuration regression errors before implementation
Changing the control system configuration introduces risks of regression errors. Tests can be
repeated (for an unlimited number of times) in the simulation after any control system configuration
change, as an effective means of identifying and eliminating those errors.
2. Reduce testing time and cost
Tests can be repeated for all control modules without user intervention. Scripts can be started from
the user interface, via a command line, or as a regularly scheduled task.
3. Improve testing consistency
To ensure confidence in the testing, a baseline is required from which to test. By developing a
process model integrated with the process automation control system and then run it on different
scenarios, it enforces complete and consistent control system testing.
Meet the project schedule and ensure operational readiness
New configurations and technology, coupled with inexperienced operators, can add uncertainty to any
project. Developing simulation in parallel to the project provides validation and training opportunities
on improvements early in the project. Checkpoints using the Digital Twin throughout the project allow
collaboration between the different stakeholders and increase the likelihood of project success. See Fig. 5.

Figure 5—SYNERGY BETWEEN PROJECTS

Project schedules often get compressed, leaving customers with the challenge of meeting those shortened
times while still delivering reliable results.
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To accommodate tight project timelines and maximize the available benefits, the development of
simulation alongside control system configuration is needed. While control logic is developed, simulation
models are created to test alarm points, ranges and scales, PID loop control direction, simple and complex
interlocks, process sequence control, and HMI configuration. With these items tested at an early stage in
the project, factory acceptance tests are completed quickly and successfully. Once tested, the same model
can be used to train operators without any additional effort.
Developing process simulation in parallel to the project allows for more validation and training
opportunities, keeping the schedule reliable and operations ready.

Results
Implementing the Digital Twin solution in the Culzean Field Development Project brought a lot of benefits
to the customer. The Culzean project is an ultra-high-pressure high temperature (UHP/HT) gas condensate
development in the UK sector of the Central North Sea, located some 145 miles East of Aberdeen on blocks
22/25a in water depths up to 90m.
A full replica Digital Twin was built and delivered to the customer to maily train CRO's (Control Room
Operators), a year before 1st Gas, but it was used to:

•
•
•
•

Test all operating procedures
Tune all controls and pass to offshore to make use of tuning parameters
Find ICSS (Integrated Controls and Safety System) issues and discuss them with offshore.
Find process issues and discussed them with the project offshore.

Regarding the training schedule, the sessions were divided into 4 main types allowing the customer to
log hundreds of hours covering a wide variety of situations, increase their experience and gain confidence
in managing a wider variety of process scenarios.

•
•
•
•
•

Introductory – Introduce trainees to HMI.
Introductory Lite – A tailored version of the above
Intermediate – Perform normal start-up operations
Advanced – Abnormal operations
First Gas – First Gas training

The table below shows training hours spent at the time of writing this paper (June 2019)
Table 1—TRAINING HOURS SPENT UNTIL JUNE 2019
Trainee

Introductory

Lite

Intermediate

Advanced

1st Gas

Total

CRO

256

–

448

192

144

1040

Supervisor

96

–

80

–

–

176

Instrument Operator

80

–

40

–

–

120

Production Technicians

240

–

120

–

120

480

Instrument Technicians

–

192

–

–

–

192

Total Hours of Training

672

192

688

192

264

2008

While the table below is showing planned training hours until the end of August 2019.
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Table 2—TRAINING HOURS PLANNED UNTIL AUGUST 2019
Trainee

Introductory

Intermediate

Total

Production Technicians

360

400

760

Total Hours of Training

360

400

760

In addition to the above, all start-up/shutdown/1st Gas procedures have been reviewed on the Digital
Twin including

•
•
•

28 Start-up procedures
11 Shutdown procedures
2 Full Facility 1st Gas procedures

Which made it possible to flag around 90 ICSS issues after the Digital Twin delivery. They ranged from
minor graphic issues, to more complex issues such as start-up overrides missing/wrong timers, wrong logic,
incorrect alarm settings, or incorrect instrument ranges.
All controllers in scope were tuned on the Digital Twin (130 controllers) and the parameters were then
exported from the Digital Twin and passed on to the project team. The project team will use this information
as a starting point to the 1st Gas or just to compare the two sets of parameters.
The few process issues which were identified on the Digital Twin were discussed with the design
authorities for clarification or modifications on the process design, helping the customer to achieve safer
and more efficient operation of the Culzean Field Development Project.

Conclusions
To support the implementation of a Digital Twin and to maximize its value to operations and return
on investment, there are some best practice requirements for implementing this technology. Those best
practices are:

•
•
•
•
•

Dynamic process models must be first-principles, following fluid dynamics, kinetics, and
thermodynamics laws, but must also be dynamic and real-time. Real-time response must support
good process dynamics for even fast processes without changes to process control system loop
tuning.
Applying the same Digital Twin solution to both CapEx and OpEx provides a cost-effective,
consistent approach, that maximizes the return on investment in the model development. A multipurpose approach will result in the greatest return on investment.
The Digital Twin solution must allow incremental model development, enhancement, and tuning to
support the evolving requirements of the lifecycle. The ability to start with a model with preliminary
data and then to tune it with detailed engineering or actual data, is essential.
The control system simulator used with the dynamic simulator must run the exact application
software without deletions or modifications from the plant system. In order to provide a solution
that can cost effectively be kept current with the plant system, it is essential that the control system
simulator reflect the control system configuration with no additions or deletions.
All process automation system IO should be simulated even if their signals come from simplified
models. This allows operator training or operational studies to extend beyond the boundaries of
the rigorous process models.
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Based upon a recent survey[3], the top benefits received from implementing an operator training simulator
were smoother start-ups and shutdowns (73%), fewer abnormal situations and trips (69%), and improved
process knowledge (64%).
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Abstract
Michael Green, Conor Crowley and John Spiteri (Atkins Limited – SNC Lavalin). Lee Allford (Energy
Institute)
It is estimated that more than 120 platforms with a combined weight of more than 1 million tonnes will
be decommissioned over the next 10 years in the North Sea alone. This will involve a significant number
of personnel engaged offshore in potentially hazardous operations during the removal of these facilities,
underlining the need for ensuring high standards of process safety within the associated decommissioning
projects.
The need for effective management of process safety during decommissioning was highlighted in the
major structural collapse incident at the Didcot power station in the UK in 2016 that resulted in 4 fatalities.
This together with the fact that the police and HSE are conducting a joint investigation to consider corporate
manslaughter, gross negligence manslaughter and health and safety offences, highlights the gravity of
getting it wrong.
With support from the Energy Institute and cross-industry involvement from oil companies, contracting
companies and the UK Safety Regulator, new guidance has been developed that will support those engaged
in decommissioning offshore facilities to plan, design and execute their projects so as to manage risk from
major accident hazards (Energy Institute, 2019).
This paper presents the key elements of this guidance which provides a roadmap to managing process
safety across the lifecycle of a decommissioning project, from initiation through execution. The guidance is
set-out according to typical phases of a decommissioning project, providing useful insights into key process
safety considerations, objectives, tasks and outputs.

Introduction
The number of offshore installations that will be decommissioned over the next decade will increase
markedly due to reservoir depletion and increasing operating and maintenance costs. Many of these
installations were installed in the seventies and eighties and already well outside their original design life.
This will place a greater demand on those involved in decommissioning, including installation operators,
regulators, contractors and others in the decommissioning supply chain. A primary concern for all involved
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in decommissioning will be to do so safely, and in particular without major accidents occurring with the
potential for injuries or fatalities.
Most countries with an offshore sector impose a legal requirement to have robust systems in place for
managing Major Accident Hazards (MAHs); such as loss of containment, fire, explosion, structural collapse,
etc. This applies across the lifecycle of a facility from concept, through design, construction and into long
term operation of the facility. However, when it comes to decommissioning, most installation operators will
have less corporate experience and fewer systems in place for managing process safety.
Unlike major development projects where there is clear potential for value creation, decommissioning
will generally involve a significant commitment of capital without, in most cases, adding any revenue value
to a company's business. To some extent, decommissioning is largely concerned with managing liabilities
and so there may be some pressure to do it at as low a cost as possible. This can be constraining for those
tasked with managing decommissioning projects and in particular for those who are tasked with ensure
effective process safety management.
Although not offshore, incidents such as the structural collapse at the Didcot A Power Station in 2016 (see
Figure 1), highlight the fact that effective management of process safety does not end when the installation
stops producing hydrocarbons.

Figure 1—Didcot A Power Station Collapse. UK – 2016.

The paper sets out a framework for managing process safety from the initial scoping studies through to the
physical decommissioning, dismantling and removal and draws on new industry guidelines commissioned
by the Energy Institute for managing process safety in decommissioning projects (Energy Institute, 2019).

Key Process Safety Considerations in Decommissioning
Process Safety has been defined by the Energy Institute as the "engineering and management skills focused
on preventing catastrophic accidents and near misses, particularly structural collapse, explosions, fire and
toxic releases associated with loss of containment". This paper therefore focusses more on prevention of
MAHs rather than on managing occupational safety at the workplace.
Decommissioning has been described as the process to plan for, gain approval, engineer and execute the
cleaning, dismantling, removal and disposal of a facility.
Every decommissioning project will have its own specific process safety issues that will require
careful consideration throughout the planning, preparation and execution. Among other things, these
site-specific issues will be determined by the nature of hazardous materials to be handled (e.g. highly
flammable), the plant age and condition (possible structural integrity issues) and location (e.g. remoteness,
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environmental conditions). However, as identified through a series of cross-industry workshops on
decommissioning (Energy Institute, 2017a) there are a number of common themes that must be addressed
in any decommissioning project; these are:
– Project management with a strong focus on process safety.
– The stages of a decommissioning project (from late life operations through to dismantle/demolish
and removal).
– Communication with stakeholders.
– Interaction with regulators and compliance with legislation and industry/company standards.
– Determining and managing the hazard profile.
– Managing people.
These themes are addressed further in this paper, along with some issues that are specific to particular
industries.

Project management with a strong focus on process safety
As mentioned, effective Project Management has been identified as a key requirement to managing process
safety in decommissioning. Moreover, there are specific aspects of project management that process
safety professionals and others who have Health, Safety and Environment (HS&E) responsibilities or
accountabilities should be mindful of in the planning and execution of the decommissioning project.
The recognised approach to managing risk and ensuring optimum outcomes from a large development
project is through planning, designing, and managing the project with an appropriate number of phases
and stage gates where necessary, throughout the project lifecycle. This applies equally to a major
decommissioning project where the implications and cost of getting it wrong are considerable.
The number of discrete phases in a decommissioning project, and the activities and controls associated
with each of those phases may vary according to the size, complexity, location and other factors relating
to the installation. In addition, for most decommissioning projects there will be potential for optioneering
within the initial project phase(s) where options are reviewed and revisited until a well-defined plan emerges
which can be sanctioned/approved and carried forward for further development, definition and execution.
As with a major development project, for the decommissioning project there would typically be four
recognizable project phases, as shown in Figure 2.

Figure 2—Typical Project Phases
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Prior to the commencement of decommissioning, the installation operator and/or owner must ensure that
an appropriate safety plan, with a risk-based approach, is in place to safely manage the engineering and
execution work.
A critical factor in safely executing a decommissioning programme is understanding and managing the
condition of the installation (structures and plant) to the point it is handed over to the decommissioning
contractor. Operators have a responsibility for ensuring safety during decommissioning of their installation
in cooperation and coordination with principal and other contractors, taking account of:
–
–
–
–
–
–
–
–
–
–

Provision of relevant information
Key roles and responsibilities
The selection of contractors and personnel undertaking the work
Technical assurance
The changing hazard profile during the stages of the decommissioning project
Communication of hazards and risks
Benefits from learnings from previous decommissioning projects
Effective management of change
The application, monitoring and review of safe working practices
Liaison with regulators and stakeholders

The following is an overview of the main considerations, objectives, tasks and outputs that could be
expected within each of the four notional project phases described above.
Project Initiation Phase
It is widely recognised that the ability to drive good safety performance and outcomes from any project
depends upon expectations set and decisions made at the earliest stages of the project. Conversely,
attempting to retrospectively improve safety outcomes in projects that were not initially well planned and
thought out becomes increasingly more expensive and disruptive as the project progresses. With this in
mind, it is important to ensure that process safety management is a major driver from the initiation phase
onwards. The project initiation phase should therefore:
– fully understand the condition of the installation and associated plant, what it contains and its hazard
potential;
– develop an overall project plan that allows for effective HS&E management;
– identify options for decommissioning and carry out an initial assessment of them;
– identify key issues and risks to be managed as the project progresses.
It will be useful to set out an overall hazard management strategy for the project. Although it will be
necessary to comply with any prescriptive legal requirements, the hazard management strategy should be
risk-based to ensure effective management of process safety. This requires that hazards are well understood
through identification and assessment, and that the associated risks are managed proportionately and
effectively to reduce them to a level that is As Low As Reasonably Practicable (ALARP). The hazard
management strategy may describe, at a high-level, how specific aspects of the project that can influence
major hazards are managed. As the project plan develops in subsequent phases, reference can be made back
to the hazard management strategy to ensure it remains consistent, or that there is justification for deviation
from it.
The following are some of the main process safety objectives during the project initiation phase. They
are not necessarily exhaustive but represent some of the key outcomes required in this phase.
– Identify legislative requirements and company standards for decommissioning that must be complied
with;
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– Identify the feasible options for decommissioning that can achieve an acceptable safety standard and
demonstrate that risks have been managed to a level that is ALARP;
– Ensure that process safety acts as a major driver in the selection and future development of the selected
option for decommissioning. Responsibility for ensuring process safety is addressed throughout the
project should be assigned to a senior member of the project team;
– Understand the key risk drivers to be managed as the decommissioning project progresses;
– Ensure appropriate early dialogue with the regulator(s) and other key stakeholders who can influence
the decommissioning project outcome;
– Generate a comprehensive listing of process safety issues to be carried forward into the next phase
of the decommissioning project.
One of the main outputs from this phase is likely to be a small number of feasible options (or a single
option) that have been evaluated through risk assessment that can be carried forward for more detailed
technical and commercial assessment and development. The risk assessment is likely to be qualitative
or semi-qualitative for the most part and probably based on a risk matrix approach to identify aspects
that may require consideration of additional measures for risk reduction, furthermore detailed assessment
(qualitatively if possible) or be judged to have unacceptably high risk in which case alternative approaches
will need to be considered.
Other outputs that will feed into subsequent phases include:
– A clear understanding of the scope of the decommissioning programme and interfaces with other
installations and infrastructure (e.g. pipelines, control systems, power, etc.)
– Details of the hazardous inventories;
– A preliminary hazard register;
– A project safety plan;
– Hazard management strategy;
– An understanding of the main process safety issues and requirements for further process safety study
work in subsequent phases.
Select and Develop Phase
The focus of this phase is to select and develop the technical solution, finalise the general execution plan
for the project and appoint the decommissioning contractor(s). This phase could be amalgamated with the
initiation (or project engineering) phase for simpler, smaller-scale projects.
In the Select and Develop phase, the viable options that were identified in the previous project initiation
phase are evaluated in more detail to identify a single preferred option to go forward to the Engineering
and Execute phases.
The contracting strategy will be finalised, the procurement process for selecting the contractor(s)
established and, at some point prior to the Engineering Phase, the contractor(s) appointed to undertake the
decommissioning works.
The following are likely to be among the main process safety objectives of the Select and Develop phase.
– Ensure that major accident hazards (MAHs) are considered in the evaluation, selection and
development of decommissioning options;
– Select and optimise the preferred option to ensure risks continue to be managed;
– Ensure that plans are developed for management of the project's HS&E risks including identification
of HS&E study requirements, regulatory compliance and conformance with the organisations policies
and procedures;
– Generate a comprehensive listing of process safety issues to be carried forward into the next phase
of the project;
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– Ensure that HS&E considerations are incorporated in the assessment and selection of contractor(s)
to undertake the decommissioning;
– Ensure there will be suitable arrangements to manage and positively influence safety culture to
prevent conflicts and breakdowns in safety management that may occur through the project due to
the changing workforce and organisations involved;
– Ensure that occupational health, hygiene and safety hazards are considered in the selection of the
decommissioning option, including the likely change in risk profile throughout the various stages of
the decommissioning activity.
Main outputs from this Phase will include:
– The option for decommissioning will have been selected and developed with input from the risk
assessment;
– Key findings and actions arising from the hazard identification studies (HAZID), hazard and
operability studies (HAZOP) and other studies;
– The outline procedure for isolating and cleaning the plant and removing or containing all hazardous
inventories;
– An appointed competent contractor able to meet HS&E criteria and requirements;
– Updated HS&E plan and hazard register;
– Submitted regulatory and permitting approvals and notifications;
– Identification of critical items of plant that may have to be recertified, modified, etc.
Project Engineering Phase
All of the engineering work required for the execution of the decommissioning workscope is undertaken
in this phase.
By this point, it is likely that a decommissioning contractor will have been selected and they will be
responsible for executing the project to completion, with suitable oversight and support from the installation
operator. They will most likely be responsible for the detailed engineering required in preparation for the
execution of the decommissioning project through to removal and disposal of the topsides and substructure,
noting that for deeper-water and gravity base structures some or all of the structure may be left in place if
permission to do so has been granted by the regulator. Such permission may be granted in part on the basis
of the potential risk to life associated with complete removal.
Depending on the complexity of the decommissioning works programme, the engineering work required
in this phase might be limited and there may not be any clear demarcation between this and the Execute
phase.
Conversely, for major platform decommissioning projects, it is possible that an additional engineering
‘define’ phase, akin to front end engineering and design (FEED), will be conducted prior to this more
detailed Engineering phase.
It is worth noting also that some of the early stage decommissioning workscope at site may run in parallel
with this phase. For example, well plugging and abandonment and isolating/cleaning the plant in readiness
for handing the facility over to the decommissioning contractor.
The main process safety objectives during the Engineering phase will include:
– Ensure that all necessary HS&E and process safety requirements have been met prior to moving into
the Execute phase;
– Ensure that all systems have been isolated and cleaned and in a suitable condition prior to
commencing decommissioning activities that involve breaking containment. Note that this could
be done in the Execute phase but frequently plants are shutdown and isolated and cleaned by the
installation operations team well in advance of the actual decommissioning work commencing on site;
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– Ensure plans are in place for managing HS&E and process safety on site during Execution. This will
extend to oversight of the contractor(s).
– Confirm that interfaces between parties involved in the decommissioning have been identified and
a process has been established to manage them;
– Ensure that management of change (MOC) procedures are in place for managing procedural and
hardware changes that could arise and have a process safety impact.
Key output from this phase will be:
–
–
–
–

Contractor management plan will have been developed and will be being implemented;
Approved HS&E plan for the Execute phase;
Action register from hazard studies such as HAZOPs and HAZIDs, with actions being implemented.
A detailed plan for managing the degradation and removal of safety and environmental critical
elements (SECEs);
– In some jurisdictions, a resubmitted Safety Case/Safety Report that covers the decommissioning
activity.

Execute Phase
This phase covers the dismantling and removal of the topsides and those elements of the substructure and
subsea infrastructure that have to be removed and will include many of the stages identified below under
stages in the Execution Phase. The facility may have been handed over to the contractor to execute the
decommissioning programme and may already have been isolated and cleaned by the facility operations
team in readiness for subsequent dismantling, removal and disposal, but it is also possible that the plant
isolation and cleaning stages will be within the workscope of the contractor.
The following are some of the main process safety objectives during the Execute phase of the project:
– Ensure that agreed process safety measures are being implemented in full by the contractor throughout
the decommissioning activity;
– Ensure that the contractor is implementing its own safety management system (SMS) and any other
requirements that have been identified and form part of the programme;
– Where changes in the programme, schedule, circumstances arise, the MOC process is being
implemented effectively;
– Ensure that arrangements to manage the changing safety culture throughout the execution of the
project are implemented.
Post Project Review
It is important to capture learnings throughout the project lifecycle and this can be achieved, at least in
part, through a post-project review. Although this will cover all aspects of the project and its management,
particular focus should be put on the management of process safety; what worked well, where there were
incidents and what lessons can be taken forward from them. This should help avoid mistakes being repeated
and contribute to future decommissioning projects being executed more safely.
Stages in the Execution Phase
There is merit in defining the stages typically involved in executing the decommissioning programme, i.e.
the main stages of activity running from preparatory work when the facility is still operational through to
dismantling and removal. The number and nature of these stages will depend on the size and complexity
of the installation, but a typical breakdown is shown below. There is likely to be some overlap between
these stages, so each one is not necessarily sequential. Furthermore, the first five of these stages may be
undertaken before the decommissioning contractor is appointed and commences work offshore.
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Late life operation

As it nears the end of its operational life, the way the installation is
maintained and operated may be subject to change to take account of
its impending shutdown. For example, maintenance and inspection
routines may be changed or even suspended (though not for SECEs)
or equipment may be taken out of service, perhaps extending to entire
process trains or units.

Well P&A

Well plugging and abandonment will most likely commence some
time before cessation of production (COP), particularly on larger
installations which may have a significant number of wells, many of
which may already have been shut-in for some time.

Run-down

Perhaps a sub-set of ‘Late life operation’ but a planned run down of
major spares could occur when the facility is still operational.

Warm suspension

At some point, the installation will cease operating and a period of time
may lapse prior to final isolation and cleaning of the plant. Hazardous
inventories will still be present, possibly even at pressure. Although
the severity of some hazards may be reduced during this stage, process
related accident hazards could still occur.

Final cleaning and isolation There will be a process of depressuring and removing all hydrocarbon
inventories and other potentially hazardous materials where it is
reasonable to do so. During this stage, the plant will have been isolated
at strategic locations in preparation for future dismantling.
Cold suspension

After the facility has been depressured, isolated and thoroughly
cleaned, there could be a period of maintaining it in a safe condition
until further decommissioning work is to be undertaken. At this point,
the major hydrocarbon hazards may have been removed, altering the
hazard profile of the facility. However, in some cases, there may still
be hydrocarbon hazards present, such as live pipelines that have been
re-routed around the platform. These will need to be considered during
the dismantling and removal of the platform due to dropped objects,
mooring line interaction, anchoring hazards, etc.
The period of Cold Suspension is sometimes referred to as "Light
House Mode". The installation may be left unmanned for prolonged
periods in this mode and have to be reboarded. Careful consideration
therefore has to be given to how the installation will be reboarded to
prepare if for final removal, as well as preventing it from becoming a
navigation hazard During the Cold suspension period the MAHs are
typically Ship and Helicopter collision.

Dismantling and
disconnection

Equipment across the installation may be physically disconnected
from adjacent equipment, utilities, etc. Structures, larger equipment,
pipework, etc. will be disconnected and dismantled in preparation for
physical removal.

Removal and
transportation

For most installations, particularly larger ones, removal will normally
involve a heavy lift vessel (HLV) although it might be that some
equipment, structures, etc. are removed by the installation cranes.
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Where an HLV is engaged, complete modules, smaller topsides or
even entire decks might be removed in a single lift. There is now
also the capability to remove an entire topsides in a single lift. For
piece small removal, transportation to shore could be on the deck of a
production support vessel (PSV) but for piece large (modules, decks,
etc.) transportation to shore will be via the HLV or if transferred onto a
barge.
Disposal

When transferred to shore, continued focus will be required on
managing the safe recycling, re-use and disposal of the facility

Early consideration of the plan for decommissioning is essential and ideally the installation will have
been designed with its eventual decommissioning in mind. In the UK, to comply with the Oil and Gas
Authority (OGA, 2017) stewardship expectations a Preparation Plan for Decommissioning, which will need
to address process safety risk management issues, is required to be in place no less than 6 years prior to
the expected cessation of production.
In relation to process safety, the approach to managing risks until the final shutdown of hydrocarbon
production/export is unchanged from the approach that is applied during normal operations. However, even
before COP, a changing risk picture that combines the progressive reduction/removal of hydrocarbon release
risks with the possible decommissioning of some safety (and environmentally) critical equipment has to
be carefully managed.
After hydrocarbon production has ceased, an installation is in a state referred to as ‘warm suspension'.
The installation's hydrocarbon and/or pressure containment systems have not been decommissioned so
operational major accident hazards remain.
Removal of the hazardous inventories, and with them the hydrocarbon related major accident risks, is
achieved by:
– well plugging and abandonment;
– final cleaning and isolation of all installation piping, plant, tanks, vessels and equipment, and:
– isolation and cleaning of risers and pipelines.
Completion of permanent well plugging and abandonment where an installation has a drilling facility
can and usually does begin before final production shutdown. When it does, managing the related major
accident hazard risks will be generally in line with the approach used for normal drilling operations.
After final cleaning has been completed, there may be a need for an installation to be left in ‘cold
suspension’ with only NAVAIDS in operation, awaiting the next stage of the dismantling/removal.
In relation to the groups of workers who should be protected from harm during the above activities, the
following observations apply:
– for well plugging and abandonment (P&A), where the installation has no drilling facilities a mobile
offshore drilling unit (MODU) needs to be involved in combined operations;
– for all but normally unattended installations (NUIs), where the installation has no accommodation, the
workforce involved in carrying out the above activities are likely to be living on the installation; and
– in relation to NUIs, alternative approaches need to be considered, with the possible involvement of
accommodation barges, drilling rigs and walk to work vessels.
The previously described preparatory type activities are generally not a major change in scope such that
the installation workforce is likely to change significantly. Dismantling and preparing for removal operations
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will cover a wide range of activities dealing with everything from individual plant items and pipework to
complete topsides structures.
Once the major dismantling and removal activities commence the involvement of large vessels (or other
installations) is generally required, primarily to:
– provide accommodation for an additional project workforce, or;
– conduct the major lifting operations.
In planning the decommissioning workscope, the potential for several third-party vessels / installations
all to be simultaneously operating in close proximity to the installation should be a key consideration.
Transfer of an installation's dutyholder-ship to contracted parties is something that may also be
undertaken, particularly for the later stages of decommissioning.

Communication with Stakeholders
Early and effective engagement with stakeholders with a defined interest in the decommissioning project
will reduce the potential for problems as the project progresses
Key stakeholders are likely to include:
– Platform workforce;

– Corporate management;

– Regulators;

– Platform operator's project team;

– Others with knowledge of the installation;

– Other "connected site" operators;

– Contractors supporting the decommissioning;

– Government organisations;

– Communities affected by activity (e.g. fishing);
These stakeholders could either influence the safe outcome of the decommissioning, be impacted by
hazards arising as a result of the decommissioning project activity or both.
When relevant stakeholders have been identified, it will then be helpful to understand these organisations
and the means to engage with them. This can be achieved by understanding of how stakeholders are affected
or impacted (positively or negatively) by the decommissioning project or who can have influence over it.
Various methods are available for assessing stakeholders, such as those prepared by Oil and Gas UK (Oil
& Gas UK, 2013) or the Association of Project Managers (APM, 2019).
Given the number of stakeholders, their relationship and the changing extent to which they need to be
engaged throughout the project, some form of stakeholder engagement or relations plan will be necessary.
The stakeholder relations plan should be established well in advance of commencing the decommissioning
activity. What is important is ensuring that through the process of stakeholder engagement:
– Full use is made of their knowledge and experience in order to understand and better manage potential
hazards associated with the decommissioning; and
– They are kept suitably informed of any aspects of the decommissioning programme that could impact
their safety or the safety of those they have a responsibility for.

Interaction with Regulators and Compliance
Regulatory authorities will seek assurance that those carrying out decommissioning work will undertake it
safely with suitable prevention and mitigation controls to prevent major accident. They may also require
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prior notification of decommissioning work. The project execution plan and supporting HS&E plan will be
key supporting documents in this regard.
In the UK, the Health and Safety Executive and government departments may have requirements that will
determine the methods that are acceptable for decommissioning as well as requirements for notification. The
UK legal requirements for decommissioning work are both implicit and explicit. All decommissioning work
should comply with general safe systems or work legislation such as Control of Substances Hazardous to
Health, Work at Height Regulations, Lifting Operations and Lifting Equipment Regulations, etc. However,
underpinning all UK health and safety legislation is the Health and Safety at Work Act (HSWA) (HSE,
1974) which places a duty on every employer to ensure the health, safety and welfare at work of employees.
In the UK, explicit requirements for offshore decommissioning are included in the Offshore Safety Case
Regulations (HSE, 2015a and b) and Pipelines Safety Regulations (PSR) (HSE, 2015c). There is also a
similar requirement across the EU under the EU Offshore safety Directive. Also of particular note is the
Construction (Design and Management) regulations (HSE, 2015d) that will apply to disposal activities
onshore. Under CDM, the term ‘Construction’ also applies to work relating to the dismantling and removal
of a facility.

Industry and Company Guidance
Some companies may have in-house guidance on decommissioning and these should be sought out, referred
to and implemented as necessary. All organisations should have guidance documents that, although not
necessarily specific to decommissioning, will be applicable at various stages in the decommissioning
programme in terms of managing process safety. These might refer to managing process safety and major
hazards during operations and maintenance, turnarounds, projects and modifications. These documents will
still provide useful guidance that will have relevance to decommissioning.
Although not specific to decommissioning, guidance has been developed for process safety management
(Energy Institute, 2010a). The guidance is based on a framework comprising 20 elements, with each element
setting out expectations of what organisations need to get right in order to meet the intent of each element.
Those elements and associated expectations of particular relevance to decommissioning have been identified
in the Energy Institute's guidance on managing process safety in decommissioning (Energy Institute, 2019).

Determining and Managing the Hazard Profile
Throughout the entire programme there will be a need for a regular review of the changing hazard profile.
This should involve a structured approach to hazard identification (typically involving HAZID studies), to
confirm that all potential hazards have been identified. These HAZIDs should be planned to ensure that
human factors and the changing working environment are given special consideration, as there is likely to
be an increased potential for human error during the earlier decommissioning stages.
The EI Guidance document, "Guidance on Managing Human and Organisational Factors in
Decommissioning" (Energy Institute, 2010b) provides detailed guidance that will be very useful in relation
to process safety management. It should also be noted that Health and Safety Executive guidance on the
requirements for coverage of workforce involvement in a dismantling safety case strongly suggests the need
for ongoing consultation with the workforce.
The results of HAZIDs should be used as inputs in the updating of risk assessments, ranging from
quantitative risks assessments (QRA), such as are used in the installation safety case to task-based risk
assessments.
As hydrocarbon risks are progressively being removed, the installation QRA will become less and less
useful in relation to managing process safety. A qualitative approach to risk assessment is thus likely to be
required in relation to the non-hydrocarbon major hazards that must be managed, some of which will be
new to the installation.
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Once in ‘cold suspension', the stages of an installation's decommissioning, dismantling and removal, are
typically as follows:
–
–
–
–

completion of platform well P&A (subsea satellite well P&A can be carried out later);
engineering down / flushing, cleaning and isolation of plant / small scale dismantling;
necessary installations / modifications to maintain installation life support etc. without production;
removals preparation including strengthening as required (to enable module separation and structural
removals);
– offshore topsides / jacket / pipeline dismantling and removal activities;
– transportation of cleaned topsides structures and equipment to dismantling location(s); and
– dismantling operations at approved onshore site(s).
Over the course of the decommissioning project workscope, process safety hazards that will need to be
managed are likely to include:
– difficulty in identifying hidden inventories, cabling etc - due to drawing inadequacies;
– difficulty in achieving all types of isolations - late life integrity issues;
– residual hydrocarbons, scale (including pyrophoric and naturally occurring radioactive materials
(NORM)) and other hazardous substances (e.g. asbestos, mercury, PCBs and heavy metals);
– the poor condition of plant and equipment that is not safety or environmental critical;
– changes in structural stresses when steelwork is being cut, removed and/or strengthened;
– extensive lay down and storage requirements;
– heavy use of installation cranes leading to lifting issues;
– heavy lift hazards - impacts and dropped objects;
– reductions in protective, mitigatory and emergency system performance (SECE related hazards);
– access hazards (to and on a reducing installation);
– vessel impact hazards;
– subsea activity related hazards, including diving and infrastructure integrity issues;
– pipeline hydrocarbon hazards while they remain connected to topsides;
– loss of key personnel and/or knowledge related to hazards;
– hazards caused by new equipment (needed to sustain operations after hydrocarbon production has
ceased);
– transportation hazards; and
– onshore dismantling site hazards (which will be similar to onshore construction site hazards).
On top of these is the potential optimism bias that the final shutdown of hydrocarbon production leads
to complacency regarding hydrocarbon risks.
Although HAZID studies are likely to be the main review approach, the use of HAZOP study may be
appropriate at certain times, most likely in the earlier stages, e.g. for flushing and cleaning activities or for
fuel gas supplies to new power generation equipment.
Two standard management control systems that are likely to require changes in approach (from the
operational norms) in relation to the conduct of a decommissioning project are:
– management of change (MOC) - for a stage of an installation's life where change will be occurring
constantly; and
– control of work (COW) - especially when there are likely to be multiple contractors involved, each
with their own safe system of work (and where their experience and systems are more appropriate
for the activities involved).
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Even during the early stages of decommissioning it is likely that a simplified approach to MOC will
become necessary and this should be planned for in advance. During the dismantling project, a change
control process more akin to those used during construction projects is likely to be the best approach.
For COW, a change to the previous safe system of work should probably be left until later, perhaps until
the installation is ready for dismantling.

Managing People
The four ‘P's are often cited in reference to process safety management; these being:
–
–
–
–

People
Plant
Processes
Performance (monitor and improve the above three)

Regardless of the quality or condition of the plant and processes, if the people using or implementing
them are not suitably qualified or experienced, and their performance isn't being reviewed and assured, it
is likely that hazards will not be managed effectively.
Issues that are critical in respect of managing people are:
– Project organisation: The project team must include personnel with detailed knowledge of the
installation and its condition, and they must be retained for the duration of the project or a resourced
succession plan put in place;
– Competency: The project team (operator and contractors) have the experience and competencies
necessary;
– Training and awareness: appropriate training is available to further equip and upskill personnel;
– Monitoring and improving performance: measures are in place to monitor performance and intervene
and improve, if necessary.
In addition, as discussed previously, there must be:
– Effective communication: across any interfaces between the facility operator, contractors, external
agencies, suppliers, etc.
– Stakeholder engagement: managed effectively;
– A good process safety culture: prevalent across the team.
Project Organisation
The project organisation should be clearly defined, bearing in mind it may change with time as the
decommissioning progresses through the planning and execution. The structure and organisation of the
project team will change when a contractor is appointed as they will have their own project organisation.
Key roles with associated responsibilities and competencies, must be developed in order that suitable
candidates can be considered and appointed. Project teams for a sizeable decommissioning project are likely
to include the following roles, especially in the Engineering and Execute phases which will have a significant
contribution to managing process safety:
–
–
–
–
–
–

Professional project manager/lead
HS&E lead
QA lead
Decommissioning engineers
Operations staff with detailed knowledge of the installation
Technical experts
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Competency
Whilst it will not be feasible for everyone involved in the project to have prior decommissioning experience,
the key roles requiring essential competencies should be identified. In addition, a proportion of the roles
will also require competencies in specific areas of HS&E and process safety, with a subset of those having
project safety management skills. These competencies should be defined and applied when assembling the
project team.
Training and Awareness
A programme of induction will be required, particularly for contractors and other personnel unfamiliar with
the installation.
Induction and training will most likely be required for permit to works systems and other procedures.
Other requirements for training of the team involved in the decommissioning will depend upon:
–
–
–
–

Gaps in competency;
Specific technologies to be applied that are novel or not widely used;
Exposure to specific hazards, such as asbestos;
Decommissioning contractor's experience of process industry hazards.

Monitoring and Improving Performance
Regular review and audit of compliance with safe systems of work will ensure that process safety
management performance is maintained at required levels. An audit programme should be implemented.
This can be carried out by personnel from both within the organisation or by personnel independent of the
project.

Specific Issues Worth Consideration
Cleaning
After all wells and other incoming process stream have been finally shut-in, final isolation and cleaning is
required prior to moving the installation to a state of cold suspension. Good guidance is provided in the
Oil & Gas UK document on conditioning/cleaning prior to decommissioning and dismantling (Oil & Gas
UK, 2008).
Key points to be considered in planning the cleaning stage include:
– Identifying the involved hazardous inventories/materials using both the available information and
records and making full use of previous operations and shutdown experience (topsides and pipelines);
– deciding on the level of cleaning required based on the deconstruction method to be used and the
condition of the plant;
– if not essential (i.e. any hazards will be safely contained during the transportation stage), it may be
preferable not to carry out full cleaning offshore;
– ensuring a safe handover to the dismantlers - through a robust process and certification;
– The sequencing of decommissioning sections of the process and utility plant systems will be
important in managing risk. Some systems such as flare and vent and hazardous drains will need to
remain in service as the safe deinventorising, venting and cleaning of other systems will rely upon
this; and
– the possible requirement to use injection into a well to dispose of hazardous waste, such as NORM.
Emergency Response
In broad terms, during decommissioning the hydrocarbon release risks that were previously the main focus
of emergency response on an installation are progressively reduced and then removed. Over the same
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period, the emergency response capability is also sure to be reduced. These changes, together with the
introduction of new hazards, are the main challenges associated with the need to ensure emergency response
arrangements are continuously fit for purpose.
The Emergency Response Plan (ERP) should be reviewed, and appropriately revised for all stages in the
decommissioning through to the completion of the dismantling.
At a lower level, emergency response planning on a day to day basis must take account of work activity
implications such as:
– blockages or removal of parts of installation escape routes;
– impairments to or the removal of fire-fighting or other emergency response equipment; and
– the availability of means of evacuation, such as lifeboats (or a gangway to an installation in combined
operations).
Pipelines and Subsea Infrastructure
To decommission a pipeline it will, just as for an installation's topsides plant, require to be isolated, flushed
and cleaned. A lesson learned from previous decommissioning projects is that late-life pipeline pigging
activities should be conducted with facilitation of this ultimate goal in mind.
Specific process safety challenges relating to pipelines are:
– where a pipeline remains connected to an operating pipeline system such that it cannot be
depressurised
– where it can be isolated will be a key issue, especially if this is close to the installation being
dismantled (where it will be a potential subsea hydrocarbon release hazard);
– leaking subsea valves that are required for isolation;
– pipeline flushing may have to be conducted back to the installation and pipeline cleaning conducted
from the installation (requiring topsides plant to handle the fluids);
– avoiding or minimising the need for diver intervention through the use of ROVs;
– availability of information for older pipeline system; and
– understanding the condition of subsea infrastructure and the functionality of its control systems before
attempting to decommission it.
Minimising Risk both Onshore and Offshore
It is important to evaluate risk associated across the project holistically and to consider the hazards and who
will be exposed offshore but also onshore when the asset reaches the dismantling and disposal yard.
Safe and Effective Communication
Decommissioning is a global industry and there may be a number of nationalities and languages represented
in the teams, as well as differing perceptions and understanding of safe working practices on one project; this
can have a significant impact on the safety culture throughout the decommissioning process. Arrangements
for effective communication from project scope level to the participation in tool box talks should be
incorporated.
Integrating Safety and Environment Management Systems (SEMS)
In some circumstances, particularly combined operations (COMOP's) involving one or more vessel (e.g.
HLV) there may be two or more PTW systems in operations – the suitability of these arrangements and
integration into the SEMS will be important.
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Retention of Knowledge
Careful consideration must be given to retaining individuals with detailed knowledge and experience of
operating the installation throughout the decommissioning process. This will result in a better understanding
of how plant is interconnected, the safest approach to decontaminating the plant, potential problems areas
(such as blockages which may hinder cleaning and passing isolation valves), and possible safe workarounds.
Conclusions
There can be a mindset that there is little or no major accident hazard risk when a facility is shut-down
and decommissioning activities begin; the perception can be that process safety concerns will diminish, and
the focus should move towards closer management of occupational safety. The extent of some hazards will
undoubtedly change as will the risk profile, however due to the introduction of new hazards, uncertainties
with plant status and condition, transient workforce, etc. the focus on process safety management must be
maintained.
In terms of managing the full extent of the decommissioning project, it can be beneficial to consider
process safety management requirements in broadly similar phases as for a development project. This phased
approach will help ensure hazards are identified, assessed and can be managed effectively by the time the
project is executed.
Other factors that require careful consideration are:
– Project management with a strong focus on process safety;
– Early identification of key stakeholders and planning for effective communication with them
throughout the project;
– Interaction with regulators and ensuring ability to comply with relevant legislation and industry and
company standards;
– Managing the hazard profile as the status of the facility changes;
– Managing the people aspects of the project as they pertain to process safety, including organisational
factors, contractor selection and involvement, competence and unfamiliarity with the installation;
– Ensuring continued access to personnel with critical knowledge of the facility, particularly if the
operator's personnel are being demobilised, redeployed, etc;
– Accurate information is essential and can be a particular issue for older facilities or where there has
been one or more change of ownership.

Abbreviations List
Abbreviation
ALARP
APM
CCHAZID
CDM
COP
COW
EI
ERP
FEED
HAZID
HAZOP
HLV
HS&E
HSE

Definition
As low as reasonably practicable
Association of Project Management
Creeping Change Hazard Identification
Construction Design and Management Regulations
Cessation of Production
Control of Work
Energy Institute
Emergency Response Plan
Front-end engineering and design
Hazard Identification study
Hazard and Operability study
Heavy Lift Vessel
Health, Safety and Environment
UK Health and Safety Executive
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HSWA
MAH
MOC
MODU
NAVAIDS
NORM
NUI
OGA
OGUK
PCB
PSR
PSV
PTW
QA
QRA
ROV
SCR
SECE
SEMS
SI
SMS
SPE
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Abstract
Objectives/Scope: The realization that fossil fuels are a limited resource, and the growing awareness of
the negative impact their emissions have on the planet, has impacted every oil and gas major. The global
challenge is expressed in the "energy trilemma" of: Enough Energy, Affordable Energy and Sustainable
Energy.
The industry must adapt, in terms of cost and environmental footprint. In this paper we discuss how
digitalization and renewable sources can drive innovation to meet these challenges.
Methods, procedures, process: We will use current long-range forecasts to understand how the global
energy mix is expected to change over time, and illustrate how different scenarios are likely to affect the
offshore industry. We also study how digitalization and hybridization with technologies like offshore wind
and power-from shore, can reduce costs, energy consumption and emissions.
Results, Observations and Conclusions: There are many trends accelerating the introduction of new
energy sources These include:
1.

2.

Global population growth and changing dynamics: "Millennials" bring with them their own
expectations about technology, the pace of work and accountability. Equally influential, is the
challenge to feed and power the 2 billion poorest and the extra 2 billion people expected by 2050.

Transportation changes: Road, aviation and shipping account for more than 60 percent of the
world's oil consumption and key to limiting the impact on the climate.
3.
Energy generation revolution: The grid needs to cope with the increased power demands and to
incorporate and expand the contribution of renewables
4.
Rise in distributed generation: Hybridization pilot projects to use offshore wind turbines to power
e.g. water injection systems.
There are a range of technologies described, which will provide the transformational step change to
enable companies to transition into the broader energy ecosystem. However, the real game changer lies in
integrating these technologies in a way that drives the evolution from connected operations, to collaborative
operations and ultimately autonomous operations to achieve maximum value.
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Novel/Additive Information: We will describe how, by properly using digital technologies, the sector can
not only reduce capital and operating expenditures by up to 30 percent but also use energy optimization and
hybridization with renewable energy sources to reduce emissions and help oil and gas operators do their
part in addressing "The Energy Trilemma".

Energy transition
In 2016 the World Energy Council captured the energy transition challenge when it coined its "energy
trilemma", which involves balancing three seemingly conflicting, yet intertwined objectives:

•
•
•

Energy security – ensuring the reliability of energy supply to meet current and future demand
Energy equity – ensuring the world has access to energy at an affordable cost
Environmental sustainability – ensuring that global warming calls for improved energy efficiency
and the development of renewable low-greenhouse energy sources are met

The realization that fossil fuels are a limited resource, however long supplies might last, and the growing
awareness of the negative impact that their emissions have on the planet, has impacted every oil and gas
major. Extreme weather conditions, such as those experienced during the summer of 2018, leading to heat
waves, forest fires and torrential rainfall, all contribute to the urgency to improve the energy ecosystem.
Most Oil and Gas majors have now issued their own "energy transition" strategies that outline plans to
migrate their core business to new energy sources between now and 2040.

Figure 1—Balancing the "Energy Trilemma" (World Energy Council)

The effect of short-term Inertia and long-term Exponential growth
The outlook on the energy mix during this transition has to be balanced with respect to overall demand and
supply of new renewables. By most predictions example [1] we are looking at the following macro trends:

•
•

Coal phaseout is targeted as the highest priory. One kWh of energy generated in a coal power plant
has almost twice the CO2 emissions as an equivalent gas fired power plant. If we simplify by not
considering emissions from other sources than the burning of fossil fuels, 83% of all energy is
fossil and 27% of that is coal, and therefore responsible for about half of global CO2 emissions
Renewable sources from Solar, Wind, Geothermal etc. today account for about 3% of the energy
mix (excluding rural firewood etc.,, various figures quoted) so despite its high potential and rapid
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•
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growth, will have limited momentum for volume replacement until the 2030's The same is true, for
e.g. electrical mobility: With about 1.5 million electric cars and about 1 billion fossil fuel powered
cars, even with a 50-60% annual growth, We will not reach 100 million electric cars, and thus 10%
reduction in fossil fuel use for personal transportation until the early 2030's (and half of those cars
would have been manufactured in 2030 and 2031). For the rest of that decade a significant part
of the car fleet could be replaced.
The quickest short to medium term replacement for coal as a fuel is Natural gas, with significant
capacity from new unconventional sources. Thus, gas demand is likely to stay high for the next
25 years.
Also due to the use of liquids for most sea, air and heavy transportation there is considerable support
for liquids production too in the short to medium term.

Figure 2—World Primary energy supply by source (DNV GL)

Despite these effects there will be significant variations in the different supply chains and we would
have to design solutions that would stay flexible and robust despite volatilities in the market. This is where
digitalization can add insight, analytics and operational flexibility to meet these challenges

Figure 3—World energy-related CO2 emissions from fossil fuels (DNV GL)

On emissions and dependencies
"It is important to stress that it's the carbon dioxide and methane emissions that have a negative impact on
the planet," (Charles McConnell, Rice University, former Assistant Secretary of Energy). "Don't hate the
fuel, hate the emissions." So, carbon capture and sequestration technology will be important because of the
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fossil fuel inertia described above. But it can go even further: At the moment the cost of emissions capture
is about 120-140 USD/ton CO2 some 5-7 times the cost of emissions certificates. If the full cost of capture
would have to be carried by the Coal Power industry this would add up to 20 USD / MWh to the electricity
cost, which alone is well over the current long-term cost of solar power generation and thus would make
his industry not competitive. However, if significantly more cost-effective processes for carbon capture
becomes available in the next 10-15 years, this could rapidly shift these scenarios.
Regardless, there is a realization among the majors that their dependency on oil or gas as their main
source of revenue needs to evolve. Nearly 70 percent of respondents to a Wood Mackenzie survey [2] said
investing in renewables to reduce carbon footprints was a more progressive pathway towards transforming
the energy ecosystem.
Over the past year, European-based oil majors that include BP plc, Royal Dutch Shell plc, Equinor ASA
(formerly Statoil ASA) and Total SA have emerged as leaders in alternative energies investments, a strategy
highlighted as a priority by 15 percent of the survey's respondents.
In fact, [3] revealed 17 percent of the world's energy growth in 2017 came from renewable sources, the
largest increase on record. New renewable energy installations were equivalent to the energy output of 69
million tons of oil – the annual energy consumption of Sweden and Denmark.
What the oil majors also agree upon is that there is no single mix of energy sources that would be ideal
worldwide. The energy transition is specific to each country or continent, with some advocating emissionfree facilities, others opting to grow markets for hydrocarbons, while the rest aim to get people out of energy
poverty. Energy transition is a slow process, but the enabler is most definitely today's technology and future
breakthroughs supported by radical changes in energy use by consumers.
In fact, in the Wood Mackenzie survey, 60 percent of respondents claimed digitalization should have a
"major" or "transformational" impact on business and is expected to result in faster and better decisions,
more production, fewer outages and reduced costs.
As the world demands more energy, it also demands that it be produced and delivered in new ways, with
fewer emissions. Oil and gas companies working in collaboration with their supply chain have the ability
to make an impact on the world, bringing power and light to remote locations, improving energy efficiency,
reducing raw material use, and running the world without consuming the earth.
Digital technologies are playing a key role in this.

Changing landscape
For many years the oil and gas industry has confronted many diverse challenges, whether that be between
onshore and offshore, different geographies or national versus international oil companies. As the industry
looks toward transitioning to a different energy mix, adding to these challenges will be local versus global
energy policies, the reliance on oil and gas for national budgets and employment, the skills shortage and
the uncertainty over oil and gas prices and demand.
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Figure 4—The Changing Landscape of the energy Transition (ABB)

It is forecast that the shift to renewables, along with the emergence of electric vehicles, could lead to
profits of $65-$70 billion [4] migrating from oil and gas companies to the broader energy ecosystem.
Upstream players stand to be most at risk, with approximately $60 billion of their profits potentially
migrating to this broader ecosystem.
However, this shift is expected to benefit the environment, with a potential reduction of 900 million tons
of CO2 emissions [4]. Another positive is that an estimated 10.3 million jobs have already been created [5],
as generation from renewables tends to be more people-intensive than that from fossil fuels.
There are many trends accelerating the introduction of new energy sources and delivery platforms into the
global energy system. Four stand-out developments can potentially transform the global energy landscape:
Global population growth brings new expectations and requirements
By 2025 [6] the population born early 1980s to early 2000s – commonly known as millennials – are
expected to make up 75 percent of the global workforce. They bring with them their own expectations about
technology, collaboration with colleagues, the pace of work and accountability.
The impact of this generation can be felt today. They are already enthusiastically embracing the sharing
economy as witnessed by new digital business models providing efficient solutions for transportation,
accommodation and food delivery. This, in turn, is leading to greater use of assets such as shared vehicles.
As energy consumers, this generation also have different preferences for energy sources and embrace the
idea of energy from solar, wind and tidal. They are focused on global issues such as climate change and air
pollution. They are prepared and willing to make bold changes, such as switching to eco-friendly energy
providers or brands to help tackle these challenges. These developments are already affecting demand for
oil and natural gas.
However, it is not all about the millennial. Equally important, is the very different progress of developing
countries. Africa, for instance, is the fastest growing continent with more than half of global population
growth expected between now and 2050. It is highly likely that these countries will bypass, altogether,
any involvement building a hydrocarbon-based energy infrastructure, turning instead to the power of
renewables. International and national oil companies need to be very aware that such countries may not
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prove to be the untapped outlet for hydrocarbons that they envisage. These nations have already skipped
copper land lines and move straight to mobile phones. In the same way they will skip petrol-driven cars and
move straight to electric vehicles or bicycles.

Electric vehicles
Road transport, aviation and shipping account for more than 60 percent of the world's oil consumption and
approximately the same proportion of emissions. Introducing a sustainable transport solution is seen as an
important part of the strategy to limit the impact on the climate.
At the 2015 United Nations Climate Change Conference in Paris, the United Nations Environment
Program set a target for at least 20 percent of road transport vehicles to be driven electrically by 2030.
This would require an increase in the number of electric vehicles (including hybrids) on the road from
the 1.5 million electric cars registered worldwide in 2017 to 100 million in 2030. Reports such as [1] see
this as the outcome of the changes that have already started.
This could result in a reduction in demand for oil by 1.5 million barrels per day [4] (Personal transport
fuel needs is about 15 million barrels/day, and 100 million cars is about 10% of the world total fleet of
passenger cars).

Figure 5—Market share of non-combustion light vehicles by region (DNV GL)

While e-mobility and e-transportation which will have a dramatic negative impact on the demand for oil
in the long-term, in the short to medium term global gas and coal demand could increase if the transition
happens faster than the change to renewables and solar, again accentuating the need for emissions quotas
and carbon capture.
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To meet increasing demand, the big automobile manufacturers are investing billions in the conversion
of their product ranges and production facilities. Analysts predict that by 2040 more electric cars will be
produced worldwide than petrol or diesel vehicles. Volvo has announced that as of 2020 all vehicles rolling
off its production lines will be electrified.
Approximately 76 percent of millennials prefer an eco- friendly car, while 50 percent have plans to
purchase an electric car. It is now up to industries, infrastructure providers and policy makers to keep pace
with developments and facilitate the transition to e-mobility.
Cost of power generation
Beyond the charging infrastructure, e-mobility requires a transformation of the energy system – an Energy
Revolution, in fact – both to ensure that the grid can cope with the increased demand for power and to
expand the contribution of renewables. Otherwise the world will simply be using fossil energy to power
our new electric vehicles.
According to Bloomberg New Energy Finance [7] $7.4 trillion will be invested in renewable energy
projects by 2040. This makes up 72 percent of the $10.2 trillion that will go towards new power generation
worldwide. Utilities are successfully lowering the cost of generating power from renewables.

•
•
•
•
•

Cost of solar panels has fallen by 26 percent each time global solar-panel capacity has doubled.
The International Energy Agency estimates that solar will soon be the cheapest source of new
electricity in some countries.
Solar capacity has increased sevenfold over the past 15 years.
Investment in renewables is expected to reach $7.4 trillion by 2040.
$2.1 trillion is the predicted spending on fossil-fuel projects to 2040.
Over the next decade, the average levelized cost of electricity generated from renewable sources,
such as solar photovoltaics (PV) and onshore wind energy, is expected to come down by 59
percent and 35 percent, respectively [8] As such, policymakers are moving away from subsidies
for wind and solar and shifting toward auction- based systems to reward the lowest-cost producers
of renewable electricity.

Figure 6—Investment by Technology 2017-2040 (Bloomberg New Energy Finance)

The preference among millennials for eco-friendly sources is also being followed in the broader energy
landscape. An Accenture survey found that 56 percent of millennials are interested in investing in solar
panels, and 69 percent in energy trading marketplaces (which enable peer-to-peer energy trading from
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distributed energy sources, such as solar PV systems). This trend is driving start-ups to create platforms that
give consumers the freedom to choose their energy source.
Distributed generation
Energy supply has shifted from large-scale, one-way and centrally-driven supply (from energy producers'
large power plants to consumers) towards generation closer to the point of consumption and bidirectional
in nature (consumers selling excess energy back to the grid), such as roof top solar and self-generation by
industrial consumers.
These renewables need to be integrated into grids that are able to manage new complexities such as
intermittent supply, more distributed power generation, demand management and electric vehicles. So, the
evolving power system needs to be increasingly flexible and interconnected, as well as more reliable and
intelligent – that is, a stronger, smarter and greener grid.
The transformation involves the application of advanced digital technologies. Through high-voltage
transmission, it is now possible to integrate renewables into the grid by enabling the transport of vast
amounts of clean energy with minimal losses.

Technologies that enable effective energy transition
Headwinds over the past several years have taught oil and gas companies to maintain strict cost disciplines
and be more efficient than ever. Organizations and budgets were cut, and investments were limited. Yet, at
the same time demand for energy continued to grow. As a result, as the cost of crude has grown back to
6-70 USD/Bl Oil companies now typically generate more profits than they did at 100 USD/Bl 6 years ago,
generating an all-time high cash flow in 2018. And now as the oil and gas companies expand their portfolios
towards future energy markets, like renewables, there is a realization that the need for efficient operations
and maximized production uptime is more prevalent than ever.
As oil prices begin to rise, producers are firmly adopting digital technologies to impact planning, building
and operations of assets while maintaining their capital discipline. Producers have already made great strides
in technologies and applications in which plants with volatile processes or remote locations can be operated
with low or no local human involvement. This trend will progress for more than just safety or cost reasons,
but also for the productivity benefits. It is these same technologies that will provide the transformational
step change to enable oil and gas companies to move into the broader energy ecosystem.
However, the real game changer – or disruption – lies in integrating these technologies in a way that drives
the evolution from connected operations, to collaborative operations and ultimately autonomous operations
to achieve maximum value. ‘Digital’ has become more important than ever in today's industrial space. It
has been shown that by properly using digital technologies, the oil, gas and chemicals sector can reduce
capital and operating expenditures by up to 30 percent, with typical cost saving potential cited by end users
and analysts in the 20-40 % range, e.g., [9]
The same technology will have a massive impact on tying the entire energy ecosystem together. The
technology will equally impact renewables in the same way, with potentially even higher relative impact.
Thus, for the Oil and gas industry it will be essential to stay competitive. However, getting such results is
not just about doing things better but rather doing things differently.
Visualization, analytics and machine learning
These technologies are moving companies to an era where critical assets equipped with smart sensors now
tell people what is wrong, long before failures even occur. Providing operators with quick access to hundreds
of years of data and analytics, rather than relying on the experience of individual employees, increases
efficiencies, reduces downtime and avoids costly shutdowns. When data and technologies across a plant,
and even across enterprises, are integrated into a holistic view, this opens whole new approaches to how
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operators and experts collaborate and use asset information and process analytics for quick decision-making
and lost time prevention.
Cloud-based technology
This technology creates an ecosystem connecting the workforce in a way that enables it to collaborate
anywhere – and in real-time. For example, moving SCADA to the cloud allows managers and operators to
have complete information for their facilities while on the go.
Connected operations
The future will bring more enterprise-wide use of remote-enabled condition monitoring technologies,
predictive and descriptive data analytics, and advanced process control applications so that operational
effectiveness of plants can be understood in near-real time. This provides the right blend of technology,
expertise and information. Providing the correct information when it is most needed means the best decisions
can be taken. By continuously collecting and analyzing data, and through special algorithms, early warnings
can be in place to reduce any risk to a process or plant.
Artificial Intelligence
Furthermore, new digital technologies and the rise of artificial intelligence (AI) are enabling totally new
designs and concepts. Essentially this technology will allow us to extract new knowledge from large amounts
of data (i.e. Big Data) and apply this to novel strategies to analyze and solve problems, e.g. in reservoir
analysis and predictive/prescriptive maintenance.
Industrial Internet of Things (IIoT)
Connecting field assets and equipment using sensors enhances monitoring and diagnostics. The IIoT
helps build real-time insights on the operation of assets and whole processes, thereby helping to optimize
utilization and maintenance planning.
However, digital success, and ultimately the profitability of a business, hinges not on individual
technologies but the integration of the IIoT. Key to this are collaborative operation centers and control rooms
which pull the data from these sensors and devices together. They enable analytics reporting and monitoring,
while presenting dashboards that are relevant to all stakeholders, including executives, production managers,
operations personnel and maintenance staff.
Digital twin applications
A good digital infrastructure is almost impossible to implement without a digital model of the plant. "A
digital twin is a virtual representation of an asset, subsystem or system, that can combine several to many
digital aspects of how the equipment is built (PLM data, design models, manufacturing data) with realtime aspects of how it is operated and maintained." [10] We use this aspect data to reference data stored
in different places from one common digital twin directory. This can be used to support use cases such as
simulation, diagnostics, prediction, automatic configuration and virtual checkout. This ensures that we have
good overview of the process and collect data that can later be used for Process Optimization, Condition
Based Predictive maintenance and Artificial Intelligence decision making. The aim of this is not only to
reduce manning in normal operations, but also to reduce the overall number of incidents requiring human
intervention to a minimum.
Collaborative operations
Collaborative operations connect data from a variety of sites with a variety of users. This approach
transforms how members work together during operations. Collaborative operations enable remote
operations and fleet wide management. Collaborative operation centers are the focal point for the process to
drive operations, maintenance and ensure safety. These centers pave the way for the application of further
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technology advancements such as AI (Artificial Intelligence) technology to analyze and respond to abnormal
events or detect hazardous process conditions and respond to them.
Two applications are Safety Barrier Management and Abnormal Situation Management Dashboarding
solutions such as the one shown above allows the operator to stay on top of ongoing events and gain an
insight into the main issues without getting overloaded with details. Operators are typically involved in as
much as 80% of plant operational upsets, and studies show that this can effectively be reduced by 50% by
employing these technologies. Anomaly handling by virtual assistants could save € 2.7 million annually per
plant and improve profits by 5%. Some key facts:

•
•
•
•

Research indicates that nearly 80% of production downtime is preventable. And half of this is
due to operator error. The monetary costs of this failure in the petrochemical industry alone are
estimated at $20 billion per year. [11]
Human error has been the second most frequent cause for the 100 largest plant accidents globally
over the last 30+ years.
Roughly 3-5% of lost capacity in process equipment is caused by loss control in abnormal
situations, which means a typical plant savings could be € 2.7 million annually
Elimination of abnormal situations in petrochemical plants could increase profits by 5%

Intelligent project execution
In the plan and build phase digital technologies are successfully streamlining project execution and
integrating traditionally separate systems in the planning and build phase. Studies show that 64 percent of oil
and gas projects experience cost overruns and 73 percent of them have scheduling delays [12]. Streamlining
project execution uses smart engineering technology to combine people, processes, tools and standards.
This not only results in 25 percent quicker schedule completion but can also reduce change orders by 50
percent and decrease costs up to 30 percent.
Because of cloud engineering, virtual factory testing and simulation, electrical, automation,
instrumentation, and telecoms are no longer designed as separate systems, but instead are built into one
collaborative environment, thereby optimizing customer objectives at every stage of the life cycle. Taken
together, intelligent projects and collaborative operations are perfectly complementary, spanning the full
lifecycle of an asset with cost savings alone exceeding 35 percent if applied consistently.

Hurdles ahead
Before we reach the full potential of the digital transformation, there are significant hurdles to overcome.
The World Economic Forum «Digital Transformation Initiative, Oil and Gas Industry» [4] discusses many
of these which we comment below.
Legislation and Regulations
Many of the laws, rules and regulations governing the industry and its license to operate are based on
conventional technologies. Thus, the necessary framework to approve new operational functionality such
as autonomy with Artificial Intelligence (AI) decision analytics, maintenance with prescriptive analytics,
and Safety Barrier Management based on deep machine learning is not in place. So even if much of the
technology needed to support these operations have been developed, the industry may not be able to put
them to full use for 3-5 years.
Standardization
In the same way, much of the standards governing the devices, data and systems is only standardized
to a certain level such as Fieldbuses, Device Descriptors, OPC (OLE for process control). However, the
standards to support the full complexity between disparate Edge, Cloud and Analytics software still require
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significant customization. "Even when data is accessible, it is often too complex or large, obscuring any
clear insights." [4]
At CERAWeek 2018, it was recognized that the industry does not have global standardization and that
there was a need to develop an "ISO-like standard" to which the high- performance industries can adhere.
Since then the IOGP JIP 33 Standardizing Procurement Specifications have been addressing several aspects
of this challenge while other areas are less well covered. In particular, the sharing of operational data e.g. on
equipment performance for predictive maintenance limited by a lack of openness where operational data e.g.
on a pump or valve generally has the same restricted sharing as business-critical information on production
systems. We are evolving so fast regarding big data that every company is worried about data and cyber
security and for lack of a policy restricts all access.
Intellectual property frameworks have not yet adapted to a new era of data sharing along value chains,
in which companies must feel confident that, by dispersing their data, they are not compromising it. This
was like aviation industry 15 years ago before joint agreements allowed companies to share e.g. engine
performance data.
Business models
Unless work processes and business models are changed, oil and gas companies risk losing out to new rivals
from inside and outside the industry. Inside the industry we find light Independents focusing on less capitalintensive projects with fast payback. These companies tend to favor outsourcing and partnerships with key
suppliers and minimize own staff.
Companies from other sectors have often already adapted to changing markets by embracing new
business models and integrating information technology (IT) with operational technology (OT) in an effort
to reduce costs and boost efficiencies. According to Accenture "transforming current operating models to
one increasingly enabled by technology might include narrowing the business scope to the most profitable
assets; gaining efficiencies from repetitive, standardized designs and processes; increasing automation;
outsourcing core functions; engaging in a more variable approach to cost (such as linking service contracts
to wells and production instead of day rates); and using analytics to optimize day-to-day operations."
Digital Culture and Talent
Oil and gas companies tend to be capital and technology-centric, while, at the same time, being people
intensive. Future concerns include how many people will be needed, the training that they should be given
and the types of people that should be hired who are fit for purpose. In the next 30 years, an engineer is
probably going to have to be trained and re-trained some half a dozen times as technology is evolving so
fast." This is also discussed in [6]
The Oil and Gas Industry is driven by a traditional safety-first attitude that places high value on field
proven designs. This probably means that software development strategies such as "Fail Fast" or SCRUM is
not likely to provide the same speed of adaptation here as e.g. in the media industry. Still it will be necessary
to understand how and where these development strategies can be used to reduce implementation time and
attract the new generation of software developers.
Cyber security
Many traditional cyber security best practices do not apply to industrial control systems. In the same way
as described under standardization above, as connected devices are generally not covered by the standards
that have evolved to protect media, banking and other businesses: Many intrusion detection systems do not
speak the communication languages of today's industrial control systems. A malicious command sent to an
industrial device often looks identical to a legitimate command, but may result in an action that places the
process in an unsafe condition.
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Generally, national and international oil companies adopt a "keep data within our gates" policy, that
eventually limits the potential of Collaborative Operations with outside partners.
IT/OT integration
A key benefit of IT/OT data integration is that it addresses the challenges of combining data from
many sources within the organization to manage costs, minimizing schedule overruns, mitigating risk,
optimizing production and controlling energy efficiency. Unfortunately, many companies have little or no
data integration across the value chain, with data not being shared with other departments. But things are
changing with companies now taking steps to implement IT/OT data integration. These players have a
consolidated view of production systems and the most advanced can dynamically view and adjust operations
across the value chain.

Building a digital strategy for energy transition
Success during the energy transition relies heavily on the creation of a robust digital strategy that has buyin from the boardroom. Here are some key considerations that will help avoid investing scarce resources
without realizing the benefits. [4]
Prepare and retrain executives
The energy transition's success resides on an effective digital transformation roadmap, driven by a culture
of innovation and technology adoption. Boardrooms need to act decisively and embrace digital by:

•
•
•
•
•
•

Setting a clear vision – according to Accenture [13] those embedding digital and technology as
a strategy beyond efficiency are finding that digital can create synergies across business, reduce
duplications of investment and open their business to new opportunities.
Committing funding and resources
Actively championing change management and encouraging new ways of working
Accepting a flatter organization where decisions can be made by well-informed colleagues deeper
in the organization
Being receptive to new ideas and ways of working by collaborating with the supply chain
Forming digitally-powered, multidisciplinary teams with the freedom to think differently

Invest in talent
The fall in the oil price forced the industry to introduce new technologies which depend on a new breed of
engineer to fully understand the impact on a business. As the world transitions towards a different energy
mix, this talent pool will evolve, and even more new skills will be needed.
Companies need to continually assess the current skill levels and identify gaps, then build a digital
strategic workforce plan to address any shortage of skills. For example, social media crowdsourcing – asking
a crowd of experts for ideas – has already proved useful in reserve analysis, where seismic data and other
information is put into the cloud for crowds to suggest analytical technique improvements. This approach
would work well in the sharing economy that oil and gas operators are now entering.
Continually explore the potential of digital
As the digital oil and gas industry gains experience with new digital tools for integrating data, predictive
analytics, machine learning, we can start to assess the areas of highest impact. Rather than waiting for the
full digital infrastructure it is likely that early selection of key standards combined with rapid identification
of key value areas, pilot projects followed by roll-out of successful solutions will provide the fastest digital
journey.
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Assess and benchmark current data architecture
"Data and software integration are the number one area for consideration. There is an abundance of
critical, yet disparate, software applications deeply embedded within operations. Using digital technology
to integrate these software platforms is a significant area for improvement." [14] If we do not have highly
reliable data from all connected subsystems, it can essentially not be used for operational purposes. Investing
in data consistency, reliability and cybersecurity is therefore critical to successful IT/OT integration. Without
a strong foundation, new investments will be wasted as they will not be able to rely on historic and current
data and will therefore produce unreliable information and recommendations.

Figure 7—Key Steps: Building a digital strategy for energy transition (ABB)

Analytics, AI and machine learning
As digital solutions for the oil and gas industries mature, new analytics based on machine-learning
and Artificial intelligence are evolving new advanced capabilities to analyze, diagnose and recommend
improvement areas. Combined with the ability to handle vast amounts of current and historical data this
offers completely new possibilities to discover areas for efficiency improvement, loss prevention, safety
issues and systematic equipment issues.
Using digital insights to automate processes boosts throughput by eliminating delays from human
decision-making and frees up employees to focus on higher value-adding activities.
Collaborate
Changing consumer preferences, such sharing economy solutions, will bring challenges not yet apparent.
Developing collaborative partnerships with peers and suppliers to innovate, develop digital capabilities
quickly, and capitalize on new business models will be core to the success of the new world energy
companies. Harnessing innovative ideas and, more importantly, turning them into reality will not be possible
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without industry collaboration by Standardizing Procurement Specifications by production companies and
suppliers along the value chain.
Embrace
Embrace low carbon, energy efficient O&G production, new energy (wind, solar, batteries, carbon capture,
zero emission hydrogen production, virtual power plants etc.) and the green shift in general to ensure talent
attraction and retention, while maintaining a license to operate in a world that acutely needs to address the
"Energy Trilemma".
Only in doing so will oil and gas companies drive innovation in the industry and secure competitiveness.
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Abstract
The UK and the international community have an increasing interest in the benefits of a hydrogen-based
economy. Existing and emerging technologies that are inherently carbon-neutral and potentially carbonnegative are increasingly attractive, given the challenge of meeting climate targets to prevent climate change
and build a clean growth strategy. The integration of clean energy technologies across the UK Continental
Shelf (UKCS) can increase the flexibility of the energy system, driving efficiency, cost reduction and
enhancing the value of natural resources.
There are over 250 platforms and 45,000 kilometres of pipeline installed within the United Kingdom
Continental Shelf (UKCS). As these assets near the end of their economic life oil and gas operators are
planning to decommission these facilities in an efficient and cost-effective manner. Current cost forecasts for
this activity exceed £58bn with approximately 50% borne by the operators and 50% borne by UK taxpayers.
The Hydrogen Offshore Production (HOP) project identifies an alternative to decommissioning by
providing re-use options for offshore infrastructure while addressing the national challenge of a low
carbon energy supply. In doing so, the project will prove the feasibility of several decentralised hydrogen
generation, storage and distribution options that collectively provide a scalable offshore hydrogen
production solution, whilst offsetting a portion of decommissioning costs that are currently forecast for all
offshore assets and infrastructure.
HOP will tackle the challenge of bulk hydrogen production by (1) proposing viable environmental
and economic technology solutions to be deployed offshore, (2) developing a new Industrial Hydrogen
Production test site to both prove the industrial benefits and to aid commercialisation of emerging
technology and, (3) conducting market analysis and producing the business case for the transformation
of existing offshore infrastructure, re-purposing assets and demonstrating the viability for decentralised
generation of hydrogen.
As part of the project, an Industrial Hydrogen Production test site will be established with Flotta (Orkney
Islands) being proposed as the location. This will provide a test bed for technology, fast-tracking its
development and providing a route for accelerated commercial deployment. Within a region of considerable
renewable energy generation, the island of Flotta is ideally placed to benefit from local expertise, existing
supply chain and advanced technology solutions. For example, the Industrial Hydrogen Production test site
would greatly benefit from lessons learnt at the nearby Orkney Water Testing Centre.
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Introduction
The UK has extensive energy resources, both renewable and fossil fuel based. As a nation we must ensure
we fully exploit all our energy infrastructure to continue to support the population's energy requirements.
The North Sea basin, including the portion within UK waters, supplies around 60% of the energy demand of
the EU and Norway. Decreasing levels of oil and gas production coupled with the COP 21 EU pledge, will
result in an extensive and challenging energy transition over the next few decades. This transition, as well
as being a challenge, has the potential to generate new business opportunities, particularly within energy
generation and storage.
An area of opportunity for the UK is the considerable offshore infrastructure across the continental shelf.
The North Sea, at present, is marked by declining oil and gas production and high decommissioning costs.
As part of the energy transition, there is merit in considering potential re-use and re-purpose options ahead
of decommissioning, taking advantage of the extensive levels of capital investment over the productive life
of the North Sea.
The objective of this project is to provide a means to generate and supply hydrogen at scale by harnessing
existing offshore infrastructure. This will be achieved by proving the feasibility of several decentralised
hydrogen generation, storage and distribution solutions that collectively provide a bulk hydrogen solution.
As part of the project, an Industrial Hydrogen Production test site will be established at Flotta providing
a test bed for technology, fast-tracking its development and paving the way for accelerated commercial
deployment.
To fully optimise the available capacity for hydrogen production offshore, several hydrogen supply and
storage options will ultimately be required. These will be considered and evaluated as part of the project,
under three categories:

•
•
•

Low Carbon Hydrogen Supply Solutions: methods to produce hydrogen with reduced carbon
emissions or complemented by carbon capture.
Zero Carbon Hydrogen Supply Solutions for Offshore Application: methods to produce hydrogen
from "green" or carbon free sources.
Hydrogen Storage Solutions: addressing challenges around transport, storage and distribution.

Other nations with similar resources are also considering how they might harness their offshore
infrastructure as part of the energy transition. A study focused on the Dutch North Sea infrastructure
undertaken by North Sea Energy (Titled "Towards sustainable energy production on the North Sea - Green
hydrogen production and CO2 storage: onshore or offshore?") assessed various options for re-purposing
offshore assets including hydrogen generation offshore from electrolysis and steam methane reforming.
The focus of the North Sea Energy study was to evaluate how re-purposing or re-use activity may generate
positive returns to investors.
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Figure 1—Onshore and Offshore opportunities on the Flotta terminal and the Sullom Voe terminal.

Hydrogen Supply Solution
An outcome of the HOP project will be to identify the most appropriate technologies for offshore hydrogen
generation for both low carbon and zero carbon approaches. Preferred technology selections have not yet
taken place, however preliminary work was undertaken by Aquatera and Costain as part of a study on
the potential for generation and application of hydrogen in an offshore oil and gas environment. This
identified that there would be both low carbon and zero carbon technologies appropriate for the offshore
environment. A high-level diagram showing the potential scheme is presented in Figure 2, and an overview
of the characteristics for each of these systems is given.

Figure 2—Potential H2 generation scheme in offshore O&G environment.
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Low Carbon Hydrogen Supply Solutions
When considering low carbon hydrogen supply solutions for the offshore environment, it is proposed
that methane-based technologies are studied to identify the most appropriate process solution for offshore
environments. This will include novel approaches to hydrogen production, such as creating graphene and
hydrogen from methane and traditional methane reformation technologies. Methane reforming technologies
could re-purpose medium to large offshore assets using excess gas, preventing/limiting gas flaring and
reducing carbon emissions
Hydrogen & Graphene from Methane
A novel approach to hydrogen production developed by Cambridge Nanosystems, takes methane as a feed
stock and applies a microwave plasma to produce hydrogen and high-quality graphene. The technology is
currently in demonstration phase and a working prototype has been developed in Cambridge. Phase 1 of
this project would look to build upon the existing design of this system and identify modifications required
for offshore operation.
Hydrogen from Methane Reforming
Steam methane reforming at an industrial scale is well understood, with several units in operation throughout
the UK and overseas. In this project, the methane reforming technology is a modularised version of the fullscale industrial scheme and scale is achieved through replication.
Two methane reforming technologies are currently being considered as solutions to produce hydrogen
offshore: modular steam methane reforming (SMR) and auto thermal reforming (ATR). In SMR, methane
reacts with steam in the presence of a catalyst at 750 - 900°C to produce synthesis gas (syngas, a gaseous
mixture of H2 and CO). Then, a water gas shift reaction converts the syngas to H2 and CO2. Hydrogen
quality following the SMR process is around 75%. Additional processing steps (commonly, pressure swing
adsorption) will further purification to 99.9%. A typical process schematic is shown in Figure 3.

Figure 3—Typical SMR process diagram (Costain/Aquatera).
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This project will consider using a modular version of this process, capable of supplying circa 500 kg/hr
of hydrogen and 4,800kg/hr CO2 at a throughput of 6,000Nm3/hr of methane. A modular approach allows
for replication of the system across several assets.
The feed for the SMR system could come from a variety of sources, including associated gas released
through oil production, redirection of gas which would have been flared or from a currently stranded
gas field. Power requirements would be met through integration with offshore renewable resources or by
integration with existing electrical systems on the offshore assets.
As a process technique, ATR is similar to SMR in that natural gas and steam are the feed materials.
The feed mix is reformed through a two-stage process of gas-heated reforming, followed by autothermal
reforming where oxygen is injected. The products of this process are the same as for SMR.
Modular SMR unit technologies are currently available and their level of certainty in performance is
reasonably high, however these would require integration testing for commercialisation offshore. There are
process challenges with both schemes, in that conventional ATR or SMR processes have never been built
or operated offshore, although the technology itself is established and mature. The process is operated at
high temperature and pressure, but is highly automated and requires minimal intervention.
The hydrogen gas produced by the reforming processes could be used in several ways to meet the
demands of the nation's gas grid, or power and transport sectors. Hydrogen gas could be sent directly to
shore via the existing, extensive pipeline network. Onshore, it can be blended into the gas grid to decarbonise
the gas system or transported onwards throughout the country to support its application in the power and
transport sectors. Otherwise, the hydrogen gas could be blended with the export gas pipeline from the
existing asset (where appropriate) to decarbonise the gas at source. This would mean that gas arriving
onshore already has an increased blend of hydrogen. CO2 would be captured and sequestered or captured
and applied in a carbon capture and utilisation scheme.
There is an additional advantage and opportunity to producing hydrogen offshore, when considering the
extensive offshore pipeline infrastructure that already exists. If existing pipeline systems are proven to be
feasible as hydrogen storage vectors, this can provide a considerable hydrogen store to deal with fluctuations
and variations in energy demand throughout the year.

Zero Carbon Hydrogen Supply Solutions
For the offshore environment, this will include electrolysis technologies paired with renewable energy
sources such as wind turbines or wave devices. These technologies will be most appropriate for offshore
assets which don't have a supply of gas, are near considerable renewable resources or have a smaller
available footprint.
Hydrogen from Electrolysis
Hydrogen from electrolysis is a well-established technique and was the first commercially used method to
produce hydrogen in the 1920s. Electrolysis, where electricity splits water to hydrogen and oxygen, is a
useful method for producing hydrogen from renewable energy sources like wind, solar and hydropower.
In this way, hydrogen can play a role in balancing the grid when more renewable and intermittent energy
sources are introduced.
Electrolysers are characterised by their electrolyte type which may fall under three categories; Alkaline
Exchange Membranes (AEC), Proton Exchange Membrane (PEMEC) and Solid Oxide Electrolyser Cells
(SOEC). All three types of electrolyser produce 99.9% pure hydrogen with oxygen as the only by-product.
Electrolysis solutions are currently used onshore for production of small-scale hydrogen; no electrolysers
fit for offshore deployment are available today. Transitioning this to offshore will provide an opportunity to
supply hydrogen at scale through replication across a number of assets, while driving a market for improved
electrolysis performance.
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Offshore wind technology has experienced rapid development over the past decade. With the Crown
Estate's next round of leasing for offshore wind expected, activity in this area is likely to increase. The
wind energy industry represents a significant opportunity for the UK, particularly offshore and around the
highlands and islands where wind resources are considered strong, as shown in wind map (Figure 4).

Figure 4—Annual average wind speed in the UKCS (Aquatera).

The successful demonstration of floating wind has unlocked opportunities in deep water areas around
the UK, but debate is ongoing around how best to export electricity. Many development opportunities are
likely connected back to the shore and tied into the electricity grid via HVDC (High Voltage Direct Current)
cables. Although these cables are the most efficient way to transport energy, they are also costly and do not
provide great freedom in terms of energy vector provision or in response to fluctuations in onshore energy
demands. The electricity will be produced and transmitted only when the wind is blowing, and the grid has
the capacity to accept it.
Installing offshore hydrogen electrolysers coupled to wind farms presents an opportunity to harness this
energy with greater flexibility. The hydrogen produced by the electrolysers could then be exported to shore
through existing offshore pipelines with minor modifications for hydrogen transport. Since advances in
onshore electrolysis technology are rapidly taking place, this project would integrate the best available
technologies in an offshore solution.
In this scenario, we will consider the location of floating offshore wind farms in the vicinity of existing
oil and gas infrastructure which is earmarked for decommissioning. This infrastructure could be repurposed
to house water purification together with electrolysers for hydrogen production. The hydrogen could be
exported to the onshore gas grid via existing pipelines. Since hydrogen is delivered in gaseous form, it could
supply gas to grid, power or transport.
Considerable cost savings are achievable when considering hydrogen production from offshore wind
energy and export through existing pipelines in comparison to creating new HVDC transmission lines to
shore. A major advantage of this scheme is the use of green renewable energy to power the electrolysis units
which lower the carbon footprint of the system.
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Electrolysers are reasonably well-established technologies and the level of certainty in their performance
is high. However, they have not been used in the offshore environment before and there would be process
challenges to supply water of the purity required for the process. Sea and produced water offshore are in
abundant supply and appropriate processing solutions should be easily identified within the feasibility stage
of the project.
Hydrogen Storage in Pipelines
Producing hydrogen remotely from the end users raises challenges around transport, storage and
distribution. To address those challenges, we will consider methods for storage in existing offshore pipelines,
gas storage at reduced pressures and decarbonisation at source by injection of hydrogen produced offshore
into the gas export line.
Currently, there are five fundamental ways hydrogen can be transported or stored; (1) as a high-pressure
gas, (2) liquid hydrogen, (3) absorbed on to other materials, (4) chemically bonded to another element or
(5) through oxidation of reactive metals. High-pressure gas in cylinders is the most common method used.
Advances in material technology led to improved performance of these cylinders (lightweight composite
cylinders which allow more hydrogen to be stored within the same volume), however, more needs to be done
to address the storage and transport challenges if hydrogen is to become a feasible energy vector for the UK.
One option identified takes advantage of the offshore pipeline network as a potential storage medium for
hydrogen gas. There are circa 45,000 km of pipeline installed offshore, and although many of them are still
used, several are empty or ready for decommissioning. Hydrogen gas could be stored in these pipelines,
acting as large storage tanks and drawn down / used as required to meet peaks and troughs in energy demand.
With this scheme being in the early concept phase, a number of uncertainties exist, and assumptions have
been made at this point. One assumption is that only minor modifications would be required to facilitate
using the pipelines as storage solutions (such as installing coatings or internal liners). This will be confirmed
in the feasibility phase of the project along with other areas such as interfaces with onshore terminal /
reception facilities.
The Phase 1 feasibility study will look to address process risks such as bulk storage of hydrogen
underwater and current unknowns such as pressure and temperature profiles across the pipeline system to
facilitate storage. With offshore pipeline storage, this scheme is considered inherently safer than existing
onshore storage options.
Additionally, if the scheme proves feasible, it presents significant potential to save capital costs as the
pipelines already exist. This would result in an overall saving in emissions as there would be no additional
carbon footprint associated with fabricating and installing the pipelines.
With the hydrogen being stored and available in its gaseous form, it is be able to support hydrogen
demand from the gas grid, power or transport sectors. The hydrogen can be used to decarbonise current gas
networks, as feed for fuel cells (power or transport) or distributed to hydrogen refuelling stations.

Accelerating Low Carbon Hydrogen Supply
The UK and North East of Scotland are in a favourable position to leverage their knowledge and experience
for the delivery of an effective energy transition to an integrated and net-zero offshore industry.
This project will contribute to drive down emissions from activities and accelerate the shift to low carbon
and clean growth, providing significant potential for a global sustainable export market. Two key areas of
the project will drive the acceleration of an industrial low carbon hydrogen supply: establishing an industrial
test site and introducing a new business stream for offshore oil & gas asset operators.
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Providing a Market for Hydrogen Technology Development
Introducing the ability to produce hydrogen in an offshore environment has the potential to create a new
business opportunity for offshore facilities while addressing a major national challenge. At present, there
isn't a market for hydrogen technologies deployed in a modular fashion on an industrial scale.
This project has the potential to attract private investment, as the supply chain recognises the value
in offshore hydrogen. Further innovation will be driven through the supply chain as they accelerate the
development of technologies to respond to the demand.
Both of above key areas will provide acceleration of low carbon hydrogen supply at an industrial scale,
while providing a mean to lower life cycle costs.
Creating an Industrial Hydrogen Test Site:
Recognising the challenges that exist within the technology development process, where emerging
technologies are highly unlikely to progress from concept to commercial deployment, this project will create
an onshore Industrial Hydrogen Production test site at the Flotta oil terminal in Orkney. The Flotta terminal
covers an area of 1.6km2 in the Flotta island in Orkney, north of mainland Scotland. It was commissioned in
1977, with Repsol Sinopec Resources UK Limited (RSRUK) becoming the major shareholder and operator
in May 2000.
Crude oil is imported to the Flotta Oil Terminal from several offshore installations through a 30" subsea
pipeline. The pipeline is fed from the following Repsol Sinopec Operated fields; Claymore, Scapa, Piper
‘B’, Tweedsmuir, Tartan, Highlander, Duart, Petronella, Galley and Nexen's operated Golden Eagle field.
A key challenge for the Flotta terminal is energy security. If the terminal was to have a power outage, this
would have a knock-on effect for production shut down right across the Flotta Catchment Area. Hydrogen,
produced locally at a test site, could be used as energy vector to support these energy security challenges
whilst successful integration of hydrogen production with brownfield facilities.
The proposed site is within proximity of existing test facilities, the Orkney Water Test Centre (OWTC),
outlined in red in Figure 5. With capability to undertake rigorous testing of modular equipment for
integration with the oil & gas industry, the OWTC has been operating successfully for over 30 years,
supporting the acceleration of multiple gas and produced water processing and separation solutions.

Figure 5—Flotta Oil terminal, outline of OWTC and Brownfield site.

Throughout the UK, there are several laboratory scale test facilities for hydrogen technologies. We believe
this would be the first fit for purpose industrial testing site specifically for hydrogen technologies, where
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industrial scale solutions can be tested and proven ahead of commercialisation and deployment at scale. The
existing facility requires expansion to be able to test the scale of technologies proposed within this project.
A brownfield site has been identified and is outlined in Figure 5.
The site will provide a centre of excellence for hydrogen, taking advantage of the extensive natural
resources available locally as well as the existing hydrogen knowledge, and supply chain on the island.
A further benefit of developing this test site on Flotta is the abundance of renewable energy in the area:
Orkney currently have the capability to produce more energy than they need as an island and their ability
to generate this power is curtailed at present by connections to the grid. Developing this site in Flotta will
harness the existing potential and convert the constrained energy into a more flexible energy vector.
With a technology impartiality approach, the test site would be capable of accelerating the development
of multiple hydrogen solutions for application offshore.

Conclusion
Addressing the Hydrogen Offshore Opportunity
Hydrogen Supply Technologies. This project will address best available and emerging hydrogen generation
solutions for application offshore, including both low carbon and zero/no carbon technologies. A complete
market assessment, business case for offshore hydrogen production and high-level integration diagrams
for assets will be produced for the key technologies identified, liaising closely with existing and emerging
suppliers to identify the most suitable solutions for the offshore environment.
Each technology solution will be paired to assets depending on resource requirement, footprint available,
cost etc. The output will be a matrix of available infrastructure for offshore hydrogen projects / schemes
to support ongoing discussions with asset owners and operators. This will support the adaptation of each
technology to the intended operating environment and accelerate discussions with the operator community
by highlighting the most appropriate opportunities for different types of assets.
Hydrogen Storage in Pipelines. A feasibility study will be completed, assessing the pipeline infrastructure
across the UKCS and looking to evaluate the suitability of existing pipelines for hydrogen storage. Although
there are over 45,000km of pipelines across the UKCS, it is not anticipated that all of these will be suitable
or available in the near term. A target list will be prepared, highlighting those which should be targeted for
further study and testing as hydrogen storage media. Additionally, suggestions will be made as to how more
of the network could be converted to hydrogen suitable pipelines.
Development of Flotta Industrial Hydrogen Production Test Site. To enable the acceleration of hydrogen
supply solutions, a design and specification for an Industrial Hydrogen Production test site at the onshore oil
terminal in Flotta will be completed. The business case will be developed, and the requirements established
for hydrogen generation technologies testing. This will deliver an industrial site where hydrogen technology
can be tested to accelerate commercialisation and deployment at scale.
Validation through Demonstration Phase
The Industrial Hydrogen Production test site will be created in subsequent Phases of this project. Existing
hydrogen infrastructure in Orkney will be built upon, taking advantage of the existing expertise around
hydrogen production and storage and in the creation of a successful test site.
With a hydrogen re-fuelling station located in Kirkwall and ongoing development of hydrogen powered
ferries, Orkney as an island already has a demand for hydrogen. The hydrogen generated as part of this
project would therefore already have a market opportunity.
The project will also explore the possibility of coupling hydrogen generation schemes with fuel cells
to form electricity which can then be tied into the existing power system at Flotta. This would present
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an opportunity for reduced fuel costs and lower environmental impact at Flotta, also proving a successful
interface with the Oil industry.
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Abstract
Following the significant reservoir depletion on Elgin / Franklin fields since 2007, drilling infill wells was
considered to not only be high cost but also carry a high probability of failure to reach the well objective. The
recent campaign on the Elgin field, one of the most heavily depleted reservoirs worldwide, demonstrated
that infill drilling can be achieved safely while improving performance.
Drilling of HPHT infill wells on the Elgin field faced increasing challenges arising from the reduction
of reservoir pressure that changed the stresses in the formations above and influenced the overall pressure
regime. This stress reorganization in the overburden has affected the fracture network in these formations
resulting in reduction in Fracture Initiation Pressure (FIP) and increase of gas levels.
Challenges were faced during the drilling of three wells in the 2015-2017 campaign. Loss events in Chalk
formations in the intermediate sections significantly decreased the already Narrow Mud Weight Window
(NMWW). A strategy to define and validate the minimum required MWW in 12-1/2" and 8-1/2" sections
was developed following a complex subsurface well control event. Managed Pressure Drilling (MPD)
technique was extensively used to safely manage gas levels and assess pore pressure.
Reservoir entry with more than 850 bar of overbalance remains the main challenge in infill drilling. A
total loss event during first reservoir entry in the latest campaign confirmed the limitations of wellbore
strengthening mud and stress caging materials available today.
Lessons learned from each well in this campaign were implemented to address these challenges and
improve performance. This paper describes the Elgin HP/HT infill drilling experience and the specific
techniques and practices that were developed to address these challenges and improve performance. The
importance of Equivalent Circulating Density (ECD) management with very narrow MWW, successful
high gas level management with MPD and depleted reservoir entry, shows that even in a highly complex
environment, drilling performance can be improved allowing for further economical development drilling.
The successful and safe delivery of the Elgin 2015-2017 infill drilling campaign demonstrates this at a time
the industry moves toward unlocking the reserves of more challenging HPHT fields.
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Introduction
Following the discovery of Franklin field in 1986 and Elgin field in 1992, Elgin / Franklin became the
world's largest HPHT development in the world. It is located in the Central Graben Area of the UK North
Sea. The Jurassic sand reservoir lies at 5300 m below sea level, in a water depth of 92 m. The original
pressure was 1100 bar and the down hole temperature reaches 200°C. Initial studies concluded that infill
drilling would not be possible after depletion had reached 100 bar. Therefore, all planned development wells
on Elgin field G4 to G8 were drilled prior to the start of production between 1997 and 2001. One well (G9)
was drilled just at the 100 bar depletion limit, with no difficulties encountered.
Production started in 2001, by 2007 the reservoir pressure had depleted to reach 660bar of differential
pressure between the reservoir and cap-rock section. This was the main challenge for the first infill campaign
in 2007-2009 (G11 & G12) and led to the implementation of drill-in liner and stress-caging (Designer) mud
to penetrate the depleted reservoir. Additionally, unexpected challenges were encountered in the overburden
such as losses at pressures below the estimated Fracture Initiation Pressure (FIP), and high gas events.
In 2012, a gas release from the C-annulus on one of the first development campaign wells (G4) occurred.
All planned infill drilling on Elgin was ceased after the killing of G4 in order to investigate the root cause,
understand the overburden behaviour, and upgrade the infill well architecture.
In 2015 the second infill drilling campaign on Elgin started and three wells (B1, B2 & B3Z) were drilled
from the new Wellhead Jacket B (WHJ-B). This campaign faced increased challenges in overburden drilling
with a NMWW, and reservoir entry with more than 800bar of depletion. All three wells were delivered
within budget and with record performance.
In 2018-2019 the fourth well (B4) from the WHJ-B was drilled and similar to the previous campaign
the well faced even narrower MWW and novel solutions had to be implemented to deliver the well safely
and within budget.
This paper focuses on the increased challenges in HPHT infill drilling and describes the main lessons
learned to deliver the wells safely without compromising the performance improvement.

Elgin Infill New Challenges
The first infill drilling campaign in 2007-2009 confirmed a change in the overburden on Elgin demonstrated
by the increased mud weight required to drill the 12-1/2" & 8-1/2" sections compared to the early
development wells. High Background Gas (BGG) and Connection Gas (CG) peaks indicated that the
overburden Chalk formations contained gas bearing layers.
In March 2012 and during the preparation for the second infill drilling campaign, G4, one of the early
development wells, suffered an uncontrolled gas release to the atmosphere. The gas flowed via the well
annuli to the 30" conductor pipe and wellhead open ports that were not part of the hydrocarbon containment
envelope. Samples and analysis confirmed the gas to be from the Chalk formations, not the Jurassic reservoir
demonstrating the Chalk formations contain gas bearing layers with potential to flow. These investigations
triggered a comprehensive re-assessment of the well architecture of existing wells and future infill wells
to demonstrate that risks to personnel and environment were reduced to a level which was As Low As
Reasonably Practicable (ALARP).
Early development wells on Elgin (1997-2001) featured equipment specifically manufactured and
qualified for HPHT conditions. Seven years later during the first infill drill campaign, the additional loads
resulting from reservoir depletion attained the limit on the production casing, and an additional inner ‘scab’
casing was implemented that resulted in a shallow set of the production packer, Figure 2.
Investigation of G4 incident identified two main causes related to the gas release: the Chalk activity,
and the failure of 10-3/4" production casing (C110 – 110.2ppf) at a pressure below the design specification
(D. Henderson & D. Hainsworth −168478) provided a flow path from the Chalk to atmosphere. Once the
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10-3/4" casing was recovered, a washout feature was observed on one of the connections with significant
and abnormal cracks.

Figure 1—G4 10-3/4" casing washout & fluorescent MPI

Metallurgical examination of 10-3/4" casing concluded that the failure was a result of a Stress Corrosion
Cracking (SCC) mechanism that was initiated and propagated from the internal thread surfaces. It is
believed that the stress was most likely a combination of original make-up stress, axial setting load, pressure
differential and thermal expansion. In terms of corrosive environment inducing SCC, the examination
indicated that this was a combination of thread make-up dope contaminated by aqueous brine entering the
connection from outside at elevated temperatures. The engineering assessment and examination of similar
10-3/4" casing connection type on other offset wells have identified Environmentally Assisted Cracking
(EAC).

Figure 2—Well architecture evolution on Elgin
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For the second infill drilling campaign the well architecture under went comprehensive upgrade and
qualification process to: improve well integrity; maximize the production; and ease the well Plug and
Abandonment (P&A). The main architecture upgrade features were; the increase of intermediate casing
size from 13-3/8" to 14"; the use of resilient cement with fibres; and the upgrade of 10" production liner
connection to a premium connection. The 10" is tied back to surface with a 10-3/4" tie-back casing also
with upgraded connections.
This well architecture upgrade gave the following advantages:

•
•
•

Using state of art equipment and qualification technologies to the latest standard.
Increase Maximum Allowable Annulus Surface Pressure (MAASP) of A & B by using new
premium connections and heavier casing.
Maximise the production by:

◦
◦
◦

Enabling the use 5-1/5" & 7" completion strings
Remove the requirement for scab liner allowing a deep-set production packer.
Facilitating well interventions and P&A (no pipe in pipe milling operation)

What is happening in the overburden on Elgin?
Recent well data, 4D seismic and overburden specific studies have shown that changes have occurred in
the overburden above the reservoir on the Elgin and Franklin fields. It is interpreted that depletion causes
compaction of the reservoir and relaxation of the overburden, generating geomechanical changes that have
led to increased mobility of pre-existing gas.
Initially well data was very scarce in the overburden as the issue was not foreseen. Therefore, the only
way to assess pre-production pressure profile in the initial wells, with large uncertainty, was the mud weight
used that ranged from 1.30sg to 1.60sg and associated connection gas.
During the drilling of the first infill wells G11 and G12, increased BGG and CG caused the mud weight
to be increased to 2.05sg during drilling in the bottom of the Chalk group.
These high MW required for the infill wells are indicative of the pore pressures in those intervals while
the lower MW used for the initial pre-production wells are thought to not be representative of the actual pore
pressure due to lack of mobility at that time. Core material recovered from the Hod formation has shown
very high Unconfined Compressive Strength (UCS), and therefore, it was concluded that it would have been
possible to drill the initial wells significantly underbalanced (up to 0.7sg) without observing high drilled gas.
Following the G4 incident, a dedicated geosciences team was set up in Total E&P UK to understand
the risks related to the observed changes in the overburden. Studies were initiated and an extensive data
acquisition programme implemented on new wells and annual seismic surveys performed. Based on the
pressure data acquired in the second infill campaign (2015-2017), when compared to regional data, it was
concluded that pressures in the Chalk were comparable to the regional values. This gave further evidence
that the measured pressures were likely to be pre-production and the increased gas activity was due to
increased mobility (fractures) rather than increased pressure within the Chalk.
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Figure 3—A generalised view of the mud weights used to drill the Elgin field. In green lines, the mud weights used for
the initial wells drilled pre-production. In red lines, the used mud weights for the two infill wells over Elgin, G11 and
G12. The orange points are the location of all the pressure points taken on the Elgin/Franklin and West Franklin fields.

During drilling, the effect of the above has drastically affected the behaviour of these formations over
time, in two distinct phases;

•
•

Early infill wells suffered very high gas levels and original production wells suffered failures due to
casing deformation. This was related to fractures/faults being activated or created by the change in
stresses within the very inflexible overburden formations. Losses were less frequent and occurred
only at high MW/ECDs.
In recent infill gas events and high gas levels were still experienced but in most cases could be
managed with MPD. However, further changes in the stresses/shrinkage of the reservoir have
resulted in weak zones being created.

To conclude, there are two main risks to the delivery of a HP/HT infill well today, these are the entry
of the depleted reservoir and the successful navigation of the extremely NMWW in the overburden chalk
formations (Hidra, Herring, Hod and Tor). Managing these risks is the key to improve drilling performance.

Gas Events in Overburden
The HPHT sections (12-1/2" to 5-5/8") on Elgin wells are drilled with a MPD system. The use of the system
started on the G11 well in the first Elgin infill drilling campaign (2008-2009). The main driver to implement
the MPD was the unexpected gas anomalies seen while drilling the Hod formation on Franklin F8 well
which led to a significant amount of time evaluating well stability and gas levels and ultimately mud weight
increases. The advantage of using the MPD system were: accurate and continuous flow measurement during
drilling operations; early kick detection to limit the volume of any influx; ability to evacuate small influxes
by applying pressure to the well; ability to perform flow checks and circulations more efficiently.
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G11 & G12 were successfully drilled with MPD system that allowed drilling of the Chalk and Cap-rock
formations with acceptable MW, bleed-off of gas at connections, manipulation of Bottom Hole Pressure
(BHP) with Surface Back Pressure (SBP) minimizing the time to increase the MW to balance well.
The MPD use and objectives in the following infill wells on Elgin filed have evolved, operating
procedures standardised and the efficiency of the system significantly increased. The ability to manage small
gas influxes has become crucial in Elgin infill drilling from 2015. The combination of the automated choke
manifold, Rotating Control Device (RCD) and dedicated mud gas separator enables a controlled bleed off
process, circulating out small influxes, and increases the chance of being successful in maintaining the mud
weight as low as possible to be inside the target window while drilling through the overburden formations.
The maximum allowable influx volume considered in the MPD well control matrix is 3bbl, which is a
conservative number and well below the surface equipment gas handling capacity and below the common
5bbl limit considered in the industry.
The increase in formation mobility in the Chalk group has been clearly demonstrated though small
influxes and gas peaks in the 12-1/2" & 8-1/2" sections on Elgin infill wells since significant reservoir
depletion occurred. The example described below from B2 well in 2016 demonstrates the criticality of
understanding the well behaviour and the use of MPD in NMWW.
On B2 well the drilling of 12-1/2" section was ongoing with 1.92sg MW (Oil Based Mud) and 2800lpm
flow rate resulting in 1.97sg ECD. At 4901m, a connection was made conventionally and without any MPD
SBP. Drilling continued and the result of the connection was 6% CC peak when the bottom-up (B/U) reached
surface indicating that the pore pressure is close to 1.92sg EMW. Drilling continued and at 4917m torque
spike followed by a small influx of 15 lpm that was detected immediately by the MPD Coriolis flowmeter.
The drilling stopped to circulate out the kick at the drilling flow rate after applying 100psi SBP in order to
have BHP 1.98sg EMW. At the B/U when the kick reached the surface, the flow-out stopped and free gas
flowed for approximately 5min before the flow-out resumed.

Figure 4—Free gas event operation sequence

No gas break out occurred until at surface and there was no flow-out increase or gain. It is believed that
the element of applied SBP while circulating out the influx kept the gas dissolved until it reached the MPD
choke manifold.
Circulation continued and the BGG from the event was 36%. The SBP was increased in steps to 350psi
resulting in 2.00sg EMW BHP to increase the overbalance and reduce the BGG. The BGG dropped to 0.5%
with 2.00sg EMW BHP.
What might be understood as an increase of ±554psi in PP over only 17m in fact was the result of increased
mobility due to a fracture(s). Confirmation of the above came after reaching section Total Depth (TD) and
running the planned logging assemblies on wireline that included resistivity and ultrasonic imaging tools
(Figure 5) as well as pressure sampling. At 4917m the pressure test showed a pressure of 1.93sg EMW and
imaging logs showed a potential fracture as per the image below.
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Figure 5—Res. & ultrasonic imaging logs

Gas events due to fractures became one of the critical aspects of infill drilling on Elgin. The majority of
these events in the 2015-2017 drilling campaign came after a torque spike and flow-out increase detected
successfully by the MPD Coriolis flow meter. The increase of flow-out rate was not detected by the
conventional rig sensors/mud logging tools due to the sizable active system on heavy-duty jack-up rigs.
Combining an understanding of the behaviour of the chalk group on Elgin with the use of MPD system
permits drilling of HPHT sections while controlling risks associated with the unnecessary adjustment in
MW and gas handling. It should be emphasized that key elements for a safe gas circulation and ultimately the
drilling through a NMWW are competency and experience of all key personnel, qualified MPD equipment,
and detailed operational procedures.

Losses in the Overburden
The weak zones within the overburden are likely due to similar fractures/faults that caused high gas levels.
These features, associated with major mud losses, are usually not associated with seismic visible faults and
therefore can be encountered at any point within the 12-1/4" (or 12-1/2") and 8-1/2" sections.
The combination of fractures containing gas and weak zone means that there is the potential that surface
pressure/ECD required to control gas levels may exceed the FIP of any weak zones i.e. a loss of MWW.
Using an MPD system makes drilling these sections possible, permitting use of an underbalanced fluid
(effectively eliminating drilling ECD) and applying SBP at connections to maintain an overbalance. It is
important, however, to understand the limitations of this approach particularly in a longer open hole phases
such as the Elgin / Franklin 12-1/2" section as discussed further below. In addition, the ability to achieve
circulation to a tripping mud at section TD and/or the liner running and cementing may be lost as ECD/
EMW reduction is not always possible during these operations.
In order to put the following content in context it is important to recall how the HP/HT overburden and
cap-rock formations are drilled. In summary;

•
•

The 14" casing is set 30m inside the top Tor formation to avoid entering the Pressure Transition
Zone (PTZ). At approximately 3600mMD.
The next section is drilled in 12-1/2" hole, to maximise the hole size and reduce 10" liner cementing
ECD.
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•
•
•

A clean chalk section mid Hidra is targeted for the 10" liner shoe at approximately 5100mMD
The 8-1/2" section is drilled to ~10m above top of the reservoir at around 5300mMD to avoid
entering the Reverse PTZ (RPTZ).
A 6-5/8" or 7" drill-in liner is then used to enter the depleted sand reservoir.

Figure 6—Elgin infill HPHT sections

Main Losses Events
The first well of the 2015-2017 campaign (B1) was drilled to the planned 12-1/2" TD without issue, with
the exception of some minor gas events managed with MPD. The drilling ECD was ~2.03sgEMW. When
circulating to 2.02sg tripping mud significant dynamic losses were experienced with 2.05sgEMW ECD.
The lowest prognosed FIPmin was 2.08sgEMW at the 14" shoe increasing throughout the section. Using
Lost Circulation Material (LCM) treatments and controlling ECD/EMW by reducing the MW, tripping and
circulating the 10" liner was ultimately successfully achieved.
A similar event occurred while drilling the 8-1/2"section, which again was drilled to planned TD without
any losses with a drilling ECD of 2.08sg EMW. At section TD, while circulating the well went on dynamic
losses at 2.08+sg ECD. The lowest prognosed FIPmin was 2.11sgEMW at TD. In this case the losses were
cured by circulating the well to mud with 240 kg/m3 LCM (designer mud) and successfully held 2.089sg
EMW ECD permitting displacement to 2.05sg tripping mud at low rate.
When drilling the next well (B2) the lessons were applied with great success; in the 12-1/2" phase the
ECD was limited to 2.05sg EMW and for the 8-1/2" phase 2.09sg EMW. The pore pressure interpreted in
the 12-1/2" section was around 2.00sg. Remaining within the above ECD limitations was not a problem
while drilling (using MPD and vs. the PP observed) however resulted in critically slow running speeds for
the 10" liner and circulating rates during the cement job.
A Geo-mechanics study of B1 loss events also concluded that the designer mud should be deployed earlier
above the reservoir to mitigate losses in the 8-1/2" section. Therefore, on B2 well was circulated to designer
mud 40m above 8-1/2" TD. This approach, however, was dropped for subsequent wells due to the impact on
the drilling performance (hydraulics) at the low flow rates required to control ECD with the designer mud.
The same ECD control strategy was applied on B3, however, losses were observed early in the 12-1/2"
section, around 400m below the 14" shoe, which were treated by increasing background LCM levels in the
mud. These losses were significantly shallower than experienced on B1 and at a significantly lower EMW.
As drilling ECD (1.99sgEMW), plus a margin to control similar gas events to B1 and B2, could be
achieved without losses, drilling continued. The planned section TD was revised to avoid entering the Hidra
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formation where prognosed PP exceeded 2.00sg and higher BGG levels were expected. The weak zone,
later confirmed as slightly shallower than the drilling depth (3950mMD vs. 4100mMD), was not attributable
to any seismic visible fault.
B3 Cross Flow
After experiencing the losses at 4100mMD detailed above, drilling continued with an extremely NMWW.
Whilst preparing for a connection, at drilling depth 4882.7mMDRT a gain was observed on the MPD
Coriolis flowmeter. This gain was recorded at ~100lpm increasing to ~300lpm before SBP was applied.
This was significantly higher than the ~15-30lpm observed during B1 and B2 gas events.
In an attempt to align flow-in with flow-out, the SBP was increased in stages and losses were initiated.
The MPD flow in/out (Coriolis) reading then fluctuated between gains and losses. At which point it became
clear the gain/loss could not be controlled with the MPD system and an active system gain was recorded,
resulting in the well being shut in conventionally. Down hole a cross flow had been established between a
zone at or close to drilling depth and a weak zone at 3980mMD.
The recovery from this situation was extended and complex as the drill string became stuck due to barite
sag as a result of hydrocarbon flow through the mud. Temperature logging was performed through the drill
string to confirm the presence of the cross-flow and enabled the flow rate to be modelled (Figure 7). It was
estimated that the flow rate was ~125lpm at down-hole conditions.

Figure 7—Pressure / Temperature Log

The cross-flow was ultimately killed in 2 stages;
1. Bull-heading the annulus with the drilling MW (1.95sg) to remove any gas/mud swap-out above the
loss zone.
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2. A dynamic kill of the cross-flow by injecting 2.30sg kill mud down the string and up annulus into
the loss zone with sufficient rate to kill the gas flow and with high enough density to overbalance the
gas zone with the annulus fully displaced.
This experience shows that the loss zone was capable of taking huge quantities of fluid and that within
the Hod formation it was possible to encounter a gas zone with significant connected volume. No evidence
of gas zones with the capacity for extended flow/high volumes had been encountered during the most recent
infill drilling (B1 and B2) within the chalk group.
Lessons learned from this event were in the treatment of ‘seepage’ losses and the definition of the
minimum acceptable MWW.
This event was an important reminder that, when using MPD;

•
•

The precision of BHP control possible during drilling is not possible during subsequent operations
including; connections, well control, formation gas management or ultimately liner cementing.
When drilling/circulating conventionally the pressure profile in EMW is highest at the bottom of
the hole (more annulus above to generate ECD). However, when drilling/making connections with
the MPD using SBP the reverse is true. Therefore when defining a MWW strategy with MPD, the
EMW applied at the top of the open hole should always be considered.

As a result of the events on this well further improvements in the use of the MPD system were developed.
Kick detection at connections was improved by procedural revisions. The methodology for creation of the
MPD well control matrix, which defines the surface pressure and influx volume limitations of the system,
was improved to align with the MWW strategy.
Furthermore, specific guidance on the recognition of cross-flow scenarios was developed as well as
additional kill mud stocks held for future operations to allow fast response.
Optimised Losses Response For Long Term Formation Strengthening
A key lesson learned from the B3 experience was that the losses response plan should not only cover the
immediate action in case of losses but it should define firm requirements for drilling ahead or not, in line
with the MWW strategy for the section.
Lost Circulation Material (LCM). The LCM material used in all applications on Elgin infill has been
sized graphite ‘flakes’ in differing proportions and sizes depending on the concentration and application,
these can be categorised as follows;

•
•

•

Background LCM – the level of LCM included within the normal HPHT drilling mud system to
help reinforce the formation while drilling, mitigate any seepage to permeable layers, and improve
pressure isolation of the mud cake. The concentrations of this LCM is around 30-40kg/m3.
Designer mud – Similar to background LCM as the treatment is over the whole drilling fluid system
but the concentration and size range is significantly greater. The system is designed to plug the
simulated fracture size created by the expected drilling ECD. The concentrations of LCM in the
designer mud is around 220kg/m3. This is discussed further in Depleted Reservoir Entry section
and (SPE-191219).
Heavy LCM pill – For immediate response to heavy losses. Very high concentration ~450kg/m3
and broad particle size range.

The use of LCM to treat losses in the overburden formations has been generally effective in reducing
the losses rate and gaining up to +0.02sgEMW in fracture initiation/opening pressure. Any fix with LCM,
however, has shown to be temporary and therefore cannot be relied upon to drill ahead even if the required
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dynamic Formation Integrity Test (FIT) is achieved. Based on this, in the latest overburden losses response
plan LCM pills will only be used in the following cases;

•
•

As an immediate response to heavy (static) losses
If section TD has been reached and losses are encountered while circulating (no drilling ahead
require and PP known)

There is a risk that any LCM treatment could compromise subsequent cement reinforcement, so no
LCM pills are pumped if seepage/dynamic losses are encountered while drilling, a cement plug will be
immediately deployed. As described below.
After the B3 event in order to ensure that all losses response actions could be achieved for the side-track
the main BHA components MWD/LWD were flow loop tested with the highest concentration of LCM and
the smallest pulser size in order to confirm that these treatments could be delivered through the BHA if
required.
Cement Reinforcement. Performing a cement squeeze if a low FIT at a casing shoe is encountered is not
uncommon practice, however the use of cement to treat losses mid-section is less common unless a plug
back is required. Cement provides the most robust method of ensuring formation repair/reinforcement for
the drilling duration.
Cement squeezes for formation reinforcement have been performed in both the 12-1/2" and 8-1/2"
sections on Elgin and Franklin infill wells. These have shown to increase the FIP by up to +0.07sg EMW
at the shoe or up to +0.04sg EMW in open hole. This was first achieved at the 11 ¾" liner shoe while
drilling B3 side-track and then later after drilling ~300m of open hole below the liner. A summary of the
best practice is as follows;

•
•
•

•
•
•

For best results the rear 50% of the slurry should contain LCM (graphite) and fibres, in most cases
this will plug the loss zone and only 1-2m3 of this volume will be squeezed before reaching the
maximum defined pressure for the job.
Carefully consider the maximum pressure for the job to avoid fracturing another zone but allowing
a reasonable volume to be squeezed.
Placing the cement depends heavily on the situation (returns to surface, ability to trip the BHA
etc.) however all of the following options should be considered and prepared;

◦
◦
◦

Cementing with no returns to surface
Cementing through the BHA
Spotting a balanced cement plug with a stinger and squeezing from above

Testing of the BHA tools (MWD) on a flow loop with the desired cement formulation including
LCM is highly recommended.
Committing to cementing a long open hole section can be a difficult call to make, clear criteria for
committing to this operation need to established in the losses response plan.
The accidental side-track risk should always be considered but is very low in the formations in
question on Elgin/Franklin due to the very high compressive strength of the formation.

Example of the losses response plan for Elgin infill wells is shown below.
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Figure 8—Example of Losses Response Plan on Elgin Infill Wells

Expandable Liner. If reinforcement with cement is not successful or the loss of formation strength too
great vs. the MWW required to reach section TD expandable liners are available for deployment in both
the 12-1/2" and 8-1/2" sections. Both have been successfully deployed in the field previously with the most
recent being the 11 ¾" on B3 side-track (M. Alahmad – SPE-191349).
The most recent development was on the 7-5/8" expandable liner (non-cemented) to address the NMWW
in 8-1/2" section. The standard 7-5/8" expandable liner deployment of pumping a dart at the recommended
rate in order to initiate expansion would lead to higher ECD that exceeds the MWW and potential formation
fracture. Elgin engineering team and the service provider worked on a design change and qualification to
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the 7-5/8" system to enable a heavy ball drop design to initiate expansion that negates the requirement to
circulate at high flow rates to land a dart.
Deployment of the expandable liners, however, is considered to be extremely sensitive operation and
creates additional operational time/cost and risk as there are very limited contingency options to react in case
of expansion pressure loss mid-way. This is particularly crucial for long cemented liner strings. Therefore,
alternatives should be exhausted prior to deployment including rationalising the section TD to reduce the
expected PP and therefore the required MWW.

Mud Weight Window Management
The definition of MWW is based on the difference between the FIT (or LOT) at previous shoe and the pore
pressure prognosis as shown below. In a basic case, the mud weight in development wells should be ML
pore pressure +0.05sg at minimum. The NMWW is defined as when the remaining window between the
ECD and the FIT (or LOT) at previous shoe, is below 0.03sg.

Figure 9—Mud Weight Window definition

The concept of MWW is more complex when drilling with MPD. Mud weight can be below Pore Pressure
as long as drilling ECD and/or SBP are available to balance pore pressure.
As shown by Figure 10, for Managed Pressure Drilling, the mud weight window is therefore purely
limited to the working margin.
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Figure 10—Managed Pressure Drilling: Mud weight safety factor (overbalance) & ECD removed

The bounding limits of the MPD mud weight window are defined as follows:

•
•

The lower limit of the MWW is the EMW required to balance or overbalance (depending on the
formation characteristics, presence of reservoirs, etc.) the pore pressure.
The upper limit of the MWW is defined by the maximum SBP that can be applied without
circulation or ECD during any circulation without exceeding the fracture pressure at the shoe or
the weakest point in the section.

Prior to the B3 experience, the upper limit of the MWW had been the equipment limitations of the MPD
system (with safety margin) or the FIT at the previous shoe. Post B3 tighter constraint implemented, equal
to the previously defined ECD limits (2.05sg and 2.09sg for the 12-1/2" and 8-1/2" sections, respectively)
or any other weak zone encountered whilst drilling. Furthermore, this ECD limit applies to the entire open
hole section at due to uncertainty over the location of weak zones. Therefore, when defining the MWW the
EMW pressure ‘profiles’ of the various operations must be considered, not simply a single point.
Defining The Minimum Workable Window
After detailed review of the B3 event, the minimum MWW required for the side-track was defined as
follows;
1. Given the known presence of a mobile gas zone, ensure the ability to maintain 0.04sg above the pore
pressure on bottom, using SBP over the full section. The most constraining case is at TD.
2. A tripping MW at maximum anticipated (commitment case) pore pressure +0.02sg must be able to
be circulated at section TD.
For the longer 12-1/2" section the first case is the most constraining and for the 8-1/2" the latter is more
onerous due to the short section length and higher ECD due to slim hole.
In the B3 side-track 12-1/2" section case presented in Figure 11, it was clear that achieving 2.09sgEMW
at the same depth where losses had been experienced at 2.01sgEMW in a wellbore 20m away was very
unlikely. Therefore, the section was divided in two by deploying the expandable liner. Planning this
solution prior to commencing drilling meant the depth of deployment could be optimised. The planning and
deployment of this liner is documented in (SPE-191349). By drilling the originally planned section in two
parts the MWW was more compatible with the expected formation strength.
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Figure 11—Example MWW for 12 1/2" section

On the most recent infill well B4, similar to B3 side-track, the requirement for 0.04sg above the pore
pressure applied with SBP was likely to be too onerous and result in the almost certain deployment of the
expandable liner. Given the experience on the immediate offset wells (including B1), the MWW requirement
was modified to remove the requirement for the 0.04sg above PP to be applied with SBP only. To minimise
risk the losses response plan was strictly enforced, with no drilling ahead without a confirmed MWW and
if PP above 2.00sg was encountered TD would be called. This strategy was effectively implemented as TD
was called early (in Herring) as gas levels indicated a PP of ~2.00sg.
As part of the losses response plan the MWW was validated with a dynamic FIT at expandable
deployment depth just below the Hod anomaly, in order to validate the formation above this depth prior to
committing to drilling ahead.

Figure 12—MWW on B4 well

Depleted Reservoir Entry
Today the Elgin reservoir pressure is ~200bar vs. a cap-rock pressure of ~1100bar, giving an overbalance
of around 900bar when drilling into the sand reservoir. Crossing this transition is made possible through
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the use of a drill-in liner. The 8-1/2" section is drilled to ~15m above top reservoir, and the drilling BHA is
replaced with a drill-in liner (6 5/8" or 7") with 7.4" or 8-1/2" drilling shoe is run.
Drilling continues until either, the reservoir is penetrated by 10m, or until the liner becomes stuck. This
strategy mitigates the risk of differential sticking and/or total losses when entering the top reservoir. The
Designer mud system used to mitigate total losses when entering the reservoir introduces other challenges;

•
•
•
•

Managing the additional ECD created by this solids laden fluid vs. achieving reasonable drilling
hydraulics.
Measuring rheology and modelling the ECD created.
Mitigating the risk of BHA/bit plugging, again vs. achieving reasonable drilling hydraulics.
Logistics, handling and mixing at surface.

The specification and use of designer fluids is well documented in (SPE-191219).
Over the five Elgin infill wells the liner has become stuck twice upon entering the reservoir in both of
these cases penetration of the reservoir was limited (3.6m and 0.75m).
Losses have only occurred on B1, when the liner became stuck and while circulating during the cement
mixing and total losses were initiated. A review of the data from the event concluded that a pack-off had
occurred around the liner, identified by an increase in SPP. The key lesson was to reduce cement mixing
time as discussed below. Other than this event the use of designer fluid has successfully mitigated losses
despite the extreme overbalance.
Drill-in liner development and best practice
The liner drilling shoe, in order to be fully drillable, has fixed nozzles and therefore the nozzle size must be
specified at order and cannot be changed. The original shoe featured four blades with four nozzles and was
used on the early infill wells. The design was modified to a six blade/six nozzle design to enhance durability
to allow drilling a longer interval with the liner and was used on the infill wells B1 and B2.
Following the losses experienced on B1 the programme was modified to use designer mud from 40m
prior to 8-1/2" section TD as well as for the reservoir entry with the 6-5/8" drill-in liner and ECD was
limited to 2.09sgEMW.
For B2 the nozzles in the 8-1/2" bit and the 6-5/8" drill-in liner were 20/32" in order to avoid any chance
of plugging the nozzles with the LCM in the designer mud. As the designer mud also creates significantly
higher ECD and to respect the 2.09sgEMW limit, the flow rate had to be restricted in the 8-1/2" and even
more so in the 6 5/8" section. The combination of the above created very poor hydraulic power at the bit,
the result in the 8-1/2" section was poor ROP and dense/solid balling of the bit caused by poor cleaning and
cooling of the bit. In the 6 5/8" section was also reducing ROP throughout the run with eventually little to
no progress possible likely due to balling or heat damage, fortunately the reservoir had been reached and
the liner could be cemented.
A review of the B2 experiences led to the following changes on B3;
1. Removal of the requirement for designer mud within the 8-1/2" section, respecting both the 2.09sg
limit and the addition of designer mud was excessively conservative. This allowed the 8-1/2" bit to be
nozzled significantly tighter and the flow rate increased, increasing bit hydraulic power. In addition
the MW was reduced to 1.95sg (vs. 1.98sg on B2) this allows for a greater flow rate, whilst overbalance still achieved with ECD only.
2. Maintain the 1.95sg MW for the designer mud for 6-5/8" liner drilling, again allowing greater flow
rate with the same ECD (~850lpm vs. 500lpm).
3. Optimising the liner drilling shoe design for low flow (with reduced nozzle size and blade count).
By reducing the number of blades to five, which maintained durability vs. the old four blade design
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whilst opening up the face of the bit to allow better cleaning. Based on this the number of nozzles
could be reduced to 4, increasing pressure drop and therefore horsepower for a given nozzle diameter.
The reduction of the TFA from ~2in2 to ~1in2 and the increased flow rate from 500lpm to 850lpm
gave an increase in bit hydraulic horsepower from 22hp to 362hp.
4. A change was also made to the internal shape of the drilling liner shoe to ‘match’ the planned 5 5/8"
bit that was used to drill out. This resulted in the shoe being drilled in minutes with almost no change
in parameters vs. drilling the cement. This represented a step change vs. the 1-2hours taken on all
previous wells
To mitigate the risk of poor isolation of the high pressure cap-rock, moulded centralisers were installed on
the liner that reduced the probability of differential sticking and improve stand-off for cementing. Isolation
of the caprock has always been successful, even in the case of B1 where the liner became stuck just 0.75m
inside the reservoir.
Identifying the liner TD at the top reservoir based on drill cuttings alone, has been challenging due to the
large quantity of LCM in the mud and slow drilling rate. This decision has been aided due to the number
of wells in the field allowing good thickness correlation.
48hr cement slurry
Prior to B1 total losses event, the cement slurry was not prepared until the liner TD was called. During
the losses on B1, the preparation of the cement slurry took 8 hours with total losses until the integral the
packer was set.
To prevent reoccurrence on B2, a cement slurry was designed and tested that was pumpable for 48hrs with
minimal impact on gas tight properties, and which remained stable in the batch mixer and then under down
hole conditions. Making use of the large difference in surface vs. down hole temperature and a combination
of lignin based retarder and a tartaric acid as enhancer achieved this 48hr requirement. The onsite cement
slurry preparation was performed using a dedicated batch mixer and once mixed was monitored hourly to
confirm its stability.
In practice the slurry has successfully been stored for up to 42 hours after initial mixing with no issues
of settling, gelation or drop of density. On B2, this allowed the cement slurry to be pumped 3 hours after
drilling finished.
A second batch of slurry is mixed if the drilling continues beyond the expected life of the slurry less the
time to pump downhole.

Managed Pressure Cementing on Elgin
Cementing the HPHT sections on Elgin infill wells requires tailored cement slurries in order to ensure
efficient annulus isolation thoughtout the life of well. Both 14" intermediate casing and 10" × 10-3/4"
production liner and tie-back strings are cemented with a resilient cement that is a blend of Class G cement,
silica flour, manganese tetraoxide, glass fibres and elastomers. The fibres enhance cement tensile strength
and give more flexibility to cement sheath. These properties help the cement withstand Chalk tensile/
compressive stress due to reservoir depletion.
While the cementing of the 14" casing is managed successfully thanks to the sufficient MWW in the
17-1/2" section, the cementing of 10" liner is extremely challenging due to the NMWW in the 12-1/2"
section. The drilling of 12-1/2" section, pulling of drilling assembly out of hole, and the running of 10" liner
are strictly managed within the 2.00-2.05sg EMW (~350psi) MWW, however, modelling of the conventional
cement job shows an ECD outside the MWW especially when circulating the cement in the liner lap. This led
to a conservative cement job design where the cement displacement flow rate is heavily compromised, being
reduced to 100lpm at the end of displacement and still exceeding slightly the ECD limit. It was believed
that even if the MWW was slightly exceeded when circulating cement any loss zone would be immediately
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plugged by resilient cement with fibres. This understanding was confirmed on B3Z well in the 2015-2017
campaign where seepage losses were observed during the circulation with 10" liner on bottom prior to the
cement job. Losses ceased when the cement entered the open hole and the cement job was completed as
per program. Cement evaluation log showed later on a fully cemented liner with good cement bond and
properties.
This understanding has been challenged during the second infill drilling campaign on the nearby Franklin
field. Here, losses were experienced in the 12-1/2" section of the F11 well and formation reinforcement with
cement squeeze used to restore the MWW allowing the section to be drilled to the planned depth. Similar
to B3Z seepage losses were observed during the circulation with the 10" liner prior to the cement job. The
decision was made to reduce the circulation flow rate to a loss-free rate, which was achieved, and procced
with cement job based on B3Z experience. During the cement displacement losses, resumed and the loss rate
increased despite the reduction of displacement flow rate to 300lpm. Cement evaluation log showed the liner
partially cemented meaning the resilient cement with fibres did not cure the losses and some cement was
lost to the formation. Although all critical formations were isolated on F11 the experience emphasized the
critically of full formation isolation behind the 10" liner for future overburden and B-annulus risk mitigation.
The experience also confirmed that the resilient cement of 10" liner is not the solution for curing losses and
that the MWW should be sufficient for the cement displacement ECD. Therefore, it was decided to perform
the 10" liner cement job using the Managed Pressure Cementing (MPC) technique on all future infill wells.
MPC has been successfully practiced in the 2015-2017 infill drilling campaign on Elgin for the drill-in
liner cement job after the reservoir entry due to the use of underbalanced drilling fluids in that section. For
the 10" liner MPC it was not previously perfromed on Elgin due to two main reasons:
a. The 10" liner system available for the second infill campaign was a twin-trip liner system, i.e. the
liner top packer is run on a separate trip. This requires the well to be displaced to overbalanced fluid
to enable the liner running tool to be pulled out of hole.
b. Displacing the well to overbalanced fluid at top of liner immediately after the cement job implies
taking excess cement to surface. The resilient cement used on Elgin is highly reactive with OBM and
significant issues arised in the past when slurry came into contact with OBM at surface blocking the
MPD and fluids return lines.
Following 2015-2017 campaign and F11 experience on Franklin the next infill well on Elgin was B4,
from the design stage MPC was included for this well. The drilling of 12-1/2" section was challenging
and clear gas responses were observed, however, the minimum MWW of 0.05sg (355psi) was maintained
and validated by a dynamic FIT before entering the lower part of the chalk group. At section TD and
while circulating to confirm the tripping MW losses were observed at 2.023sg EMW and the MWW was
lost. Losses treatment with LCM managed to restore the minimum window required for tripping and liner
running, however, liner cement job had to be performed strictly within a 0.03sg window (210psi). Exceeding
this value would have inevitably resulted in high gas event or losses.
The MPC state of the art techniques are described in several SPE papers, however, the challenge on B4
was higher due to the following factors:

•
•

Absence of integral packer in liner assembly that permits isolation of the open hole at the end of
displacement.
Absence of string safety valves that permits stripping above top of cement with surface back
pressure to maintain overbalance.
– Review of the available 15K psi Full Opening Safety Valve (FOSV) type for B4 well highlighted
unacceptable risk: FOSVs tested at surface were found to be at risk of vibrating closed at a low
pressure.
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– Review of flapper float option highlighted unacceptable risk related the trapped plug bump
pressure (±200bar – 3000psi) below the liner running tool which would result in uncontrolled
release of the Retrievable Pack-off Bushing (RPB) and potentially damaging the top of liner
setting collar.

•

The use of the resilient cement with fibres and associated contingency procedures for circulating
the cement excess back to surface in case of displacement failure or loss of well control.

Similar to other MPC applications B4 faced significant challenges in the hydraulic modelling of the job
due to the fact that most of the software available today is not able to sufficiently accurately model the ECD
with the 10" liner and the shear rate in the liner lap. Following a detailed evaluation of job modelling from
different software packages the decision was made to consider the company in-house software in addition
to manually developed step down displacement charts.
To mitigate the risks above, the cement job design included six different types of fluids and weights and
tailored displacement strategy in order to;

•
•

Be overbalanced at bump and then pull the liner running tool, with no SBP, above top of cement
to circulate while waiting on cement.
Mitigate the risk of float failure by balancing the displacement fluid inside the liner with the cement
at bump.

Figure 13—Chart showing cement job stages and the method used to be within the MWW
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Figure 14—Simulated ECD & SBP vs. Time

Figure 15—Sample of the cement job step down chart showing the SBP followed during operation

To mitigate the absence of real time pressure / ECD measurement during the job and to validate the
hydraulic modelling, three acoustic tools for pressure measurmement were deployed in the liner running
string. The main limitation with these tools is the temperature (rated to 125°C) hence, the deepest one
was at 3000m (471m above the liner). The main driver for deploying this technology was to calibrate the
simulation for future MPC jobs, there was no plan to make any adjustments during the job based on the
readings from the sensors.
One of the most critical aspect in MPC planning in narrow margin situation are the contingency
procedures. For B4 well, a number of contingency options were envisaged and planned for: losses during
cement job; well flow / gain during cement job; gassy slurry observed at surface; floats not holding; plugs not
bumped; cementing issues prior to dropping top dart; etc. Detailed procedures were developed for cement
return handling at surface. Physical changes were also made including dedicated lines from the MPD choke
manifold (upstream and downstream the chokes) installed to divert any cement return to dedicated cutting
storage tanks if necessary.
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Figure 16—MPD Package schematic showing the cemnrt return lines to the dedicated storage tanks

Specific well control procedures were prepared in case of influx during the job including the scenarios of
switching from MPD to conventional well control equipment and circulating gassy slurry through the Mud
Gas Separator (MGS) which was flushed with water prior to the job.
The cementing of 10" liner with resilient cement on Elgin is complex without the MPC aspects due to the
large amount of cement required. Typically, to perform this operation four mobile blenders are rigged-up,
lined up to the cement silos, drill water feed and the cement unit as the feeding point to the cement pump.
MPC execution started by displacing the well to underbalanced mud and then pumping and displacing
the cement slurry following very closely the planned step down chart.
The job was executed without issue, all mud and cement volumes were pumped within the simulated
pressure window, the SBP was controlled perfectly throughout the operation, the liner was successfully
pressure tested and the well was stable during the wait on cement period after pulling the liner running tool
above top of cement. Hard cement was found above top of liner during the cement drill out and liner clean
out run confirming the successful displacement.

Figure 17—Actual vs. planned SBP

In summary, the B4 10" liner cement job was the first MPC within the field. The operation was very
challenging due to the absence of integral packer and safety valves in the liner running string, however, it
was successfully achieved thanks to the fluids displacement strategy and being overbalance at plug bump.
For future operations it is strongly recommended to have the integral packer and ability to pull the running
string with SBP in order to minimise the risk and ease the cementing program and contingency procedures.
Work on improving the available pressure measurement tools needs to continue in order to have a better
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ECD control during the operation and ultimately improve the modelling software. The downhole acoustic
tools for pressure measurement is a promising technology, however, the temperature limitation is currently
constraining use in HPHT applications.

HPHT Infill Wells Drilling Duration
Drilling of new infill wells on Elgin are time consuming due to the the heavy well architecture and the
specific HPHT drilling procedures followed during the operations. The main complexity factors to Elgin
infill drilling can be summarised as follows:

•

•
•

10" × 10-3/4" liner & tie-back string: Production string on Elgin features liner tie-back
configuration with tie-back packer which is considered as a secondary barrier against Chalk
formations. The string is deployed in 5 runs: 10" liner string (fully cemented); cement drill-out
assembly; polish mill assembly; tie-back packer (run separately); 10" × 10-3/4" string (partially
cemented).
Drilling procedures in HPHT sections (12-1/2", 8-1/2" & 5-5/8"): the Rate of Penetration (ROP)
is restricted in order to have one gas event being circulated out at a time. Furthermore, dynamic
pore pressure assessment, FIT and extended flow checks are conducted in each section and can be
repeated multiple times when required.
Drill-in Liner & Reservoir entry: The 8-1/2" section on Elgin field stops ~15m above the depleted
reservoir. The 6-5/8" or 7" drill-in liner is then deployed to drill approximately 30m and penetrate
the sand reservoir. This operation is performed with extreme precaution due to the NMWW.

To date, the table below represent the targeted drilling duration based on the challenges above and the
performance achieved in 2015-2017 campaign assuming no contingent well architecture and no losses
treatment are required.
Table 1—Infill Wells Drilling Target Duration – 2019

Conclusion
Drilling HPHT infill wells with NMWW represents one of the highest challenges in the industry. The
successful and safe delivery of complex infill wells on Elgin while improving the performance from well
to well despite the increasing challenges enabled the Operator and its partners to continue the development
and increase life of field. It is important to highlight, however, a few lessons learned and recommendations
that can improve the performance and minimise the risk of major hazards:

•

Despite the field experience gained to date, the drilling of HPHT infill wells continues to carry
the risk of failure to achieve the well objective and ‘train-wrecks'. It is of vital importance that
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these risks are communicated to all stake holders and thoroughly risk assessed to ensure adequate
provision within the well budget to mitigate or handle likely issues.
Strict ECD management to navigate through the NMWW is key to minimise the risk of losses
in HPHT sections. Drilling program and procedures must clearly identify the minimum MWW
required for drilling, tripping and cementing operation. Losses treatment in NMWW incurs
significant operational time and cost which negate any performance improvements achieved in
previous sections.
Losses of any rate in HPHT sections mean that the MWW is lost and must be restored before
drilling continue. It is of prime importance to validate the MWW after losses treatment to ensure
all subsequent operations can be performed safely.
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